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1 Introduction 

This report provides definition and analysis of the current natural gas supply and demand situation focusing on 
northern Afghanistan, except when/where bottled gas products are involved. It examines the market potential 
for the use of Afghan-produced natural gas, focusing primarily on the provinces of Balkh and Jawjzan in 
northern Afghanistan. Also included are potential large consumers in neighboring provinces, such as cotton 
ginning in Kunduz. Separately, the potential to supply gas to the Kabul market is discussed. Potential export 
markets for gas are not within the scope of the report.  
 
Other recent reports have confirmed sufficient gas reserves and prospective resources to justify upstream 
development. This report focuses on the gas demand, pricing, and market development sides of the equation. 
The defines current natural gas markets, which are limited by lack of production capacity, and provides analysis 
of prospective demand for gas based on assumptions of additional gas production becoming available for sale. 
The report includes: 
 

• Current gas market in northern Afghanistan, including supporting infrastructure. 
• Potential demand for gas, including power generation use. 
• Gas pricing, including historical and sustainable pricing moving forward. 
• Analysis of regional gas markets, including development of their gas industries and gas pricing, both for 

internal and export markets. 
 
The report will be used by the Afghan Ministry of Mines and Petroleum (MoMP) in its efforts to attract investors 
to revitalize the country’s midstream gas industry. Most notably, the creation of a public-private partnership to 
develop much needed gas gathering, processing (and potentially transportation) infrastructure to support 
production of sour gas from known reservoirs with proven reserves near the city of Sheberghan is under 
consideration.   
 

2 Current Gas Demand, Use, Pricing & Gathering 

2.1 Production Capacity Limitations 
In northern Afghanistan, 75 Billion Cubic Meters (BCM) of gas reserves currently exist (see chart below); 
however, only 640 thousand cubic meters (MCM) per day of gas is produced and consumed. If production were 
to hold steady at this rate, it would take 320 years to consume all of the reserves.  

Table 1: Estimates of Reserves in northern Afghanistan 

Gas Field Remaining Gas Reserves 
(BCM) 

Gerquduq 9.77 
Khoja Gogerdaq 16.77 

Yatimtaq 7.36 
Jangalikolon 13.38 
Bashikurd 6.37 

Juma 21.82 
Total 75.47 
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In addition to the reserves, prospective resources have the potential to more than double gas supply as 
exploration is conducted in recently tendered blocks.  

Figure 1: Blocks Recently Tendered for Exploration and Production Sharing Contracts 

 
 Source: Author  
 
Chapters 3 – 5 of this  report quantify significant pent up demand that also exists. So, with sufficient reserves 
and pent up demand, why is current gas production volume so low? It is limited by the lack of capacity in 
upstream gas production, midstream processing, and delivery.  
 
Afghan Gas Enterprise (AGE) had been the sole producer of gas in Afghanistan to date, but it has reinvested 
virtually nothing in upstream or midstream development in decades. Its sole focus has been production and 
distribution of unprocessed gas from existing wells and infrastructure. As seen in the chart below, AGE used the 
vast majority of its revenue in 2012 for salaries and profits, dedicating nothing into reinvestment in production or 
processing infrastructure. 

Figure 2: AGE's Use of Revenue in 2012 

 
Source: AGE 

 
As a result, of lacking reinvestment, production has steadily declined as well pressures naturally decrease and 
infrastructure ages. Much of the sweet gas reservoirs has also been depleted, with the vast majority of 
remaining reserves requiring desulfurization facilities. 
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Figure 3: Reserves by Horizon (MCM) and Sulfur Concentration (ppm) of Select Fields 

 
Source: Author 

 
To counter the decline in production capacity, MoMP has recently taken three steps: 
 

• In partnership with Asian Development Bank (ADB) and the US Department of Defense, it has 
rehabilitated three wells in Yatimtaq field and four wells in Gerquduq field, acquired a small-scale 
desulfurization (amine) unit, and rehabilitated parts of its gathering and transportation pipeline 
infrastructure. 

• It has awarded multiple exploration and production sharing contracts (EPSCs) to international oil 
companies (IOCs). However, it will likely be five or more years before gas is produced in the blocks 
covered by EPSCs. One exception is the Totimaidan block, which contains known reserves in Juma 
and Bashikurd fields. The contractor may commence production from these fields in as little as two 
years.   

• It is preparing to corporatize AGE so that it can more effectively operate its gas fields, including 
reinvesting in upstream and midstream operations. 

 

2.2 Current Demand & Use 
In the meantime, current demand and use are hindered by lack of available production capacity. The limited gas 
that is currently being produced is provided to the state-owned Northern Fertilizer and Power Plant (NFPP), the 
City of Sheberghan, and a compressed natural gas (CNG) station in Sheberghan. Other potential buyers of gas 
have been forced to wait until additional production capacity is developed and commissioned. 
 
Northern Fertilizer & Power Plant  
NFPP is the single largest consumer of gas in Afghanistan today. It currently receives 340 MCM/day of gas, up 
from 280 MCM in 2013. The gas is used to produce urea and generate 12 MW of captive power to operate the 
factory and provide electricity to employee housing units.  
 
As a state-owned enterprise, it has paid only US$34/MCM in recent years. In spite of the heavily subsidized 
rate, NFPP barely turns a profit. The factory is over fifty years old, inefficient, and over-staffed. Although NFPP 
has expressed a desire to receive more gas when it becomes available, it is unlikely that its equipment is 
capable of processing the additional gas. Furthermore, the factory is unapt to be able to afford to pay for gas 
when prices increase, as discussed below.  
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City of Sheberghan 
The City of Sheberghan receives approximately 300 MCM/day from sour gas wells at Gerquduq, with the sweet 
gas wells at Gerquduq dedicated separately to supplying the pipeline to NFPP.  In spite of the health and safety 
risks, the sour gas is delivered to the customers unprocessed.1 
 
The precise amount supplied to the city is unknown given that AGE’s metering is unreliable. The gas is used by 
both residential and commercial consumers, including small industrial enterprises. The distribution system is 
antiquated and in need of repair or replacement. A large percentage of the 300 MCM/day allocated to the 
system is lost to leaks and illegal taps. Of the gas that is delivered to end-users, little or no money is collected 
and reported in AGE’s financial statements.  
 
CNG Station 
One CNG station was commissioned in the city of Sheberghan in 2012 as a proof of concept. It currently serves 
local taxis and may serve local generators in the near future. Consumption totals less than 3 MCM/day for the 
station. There is immediate demand for a second station in Mazar-e-Sharif to allow taxis to complete round trips 
between the two cities using CNG, but it’s still in the planning stages. 
 
Although consumption from one or two CNG stations is not significant, the CNG market in Afghanistan is still in 
its infancy. As detailed in Chapter 3 of this report, the potential demand from CNG stations in northern 
Afghanistan in the future could reach 80 MCM/day.  

Figure 4: CNG Station in Sheberghan 

 
 

2.3 Pricing 
AGE has generated revenue of only US$4 – $5 million per year since 2010, in spite of delivering 400 - 600 
MCM/day of gas. At a market price of US$150/MCM, this would be worth US$22 – $33 million per year. Only 
the CNG station pays near a market price for the gas.  
 
Northern Fertilizer & Power Plant  
As noted earlier, NFPP pays only US$34/MCM; however, the Inter-Ministerial Commission recently approved a 
plan to increase the price paid by NFPP by 17 percent/year. In five years, this will drive the price to 
US$75/MCM, and in ten years to US$163/MCM. The goal is to slowly remove subsidies to NFPP over the next 
ten to fifteen years.  

                                                      
1 Source: AGE  
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If NFPP were to pay a market price of US$150/MCM today, it would spend US$19 million per year on gas 
alone. However, its total annual revenues are a fraction of this. NFPP remains operational and a significant gas 
consumer solely due to political considerations such as employment at the factory and supplying farmers with 
locally produced fertilizer.  
 
City of Sheberghan 
Each consumer pays a flat monthly fee for access to the gas. No metering is used at the individual consumer 
level. Consequently AGE is unable to charge based on volumes consumed. Based on delivery of 300 
MCM/day, if the average price received by AGE equaled US$34/MCM, AGE would be generating US$3.7 
million/year in revenue. However, due to significant losses from leakage and poor collections, AGE only collects 
a fraction of this, if anything.  
 
If city consumers were to pay a market price of US$150/MCM, they would pay AGE a combined total of US$16 
million per year. The proceeds could be used to reinvest in sustaining production and processing sour gas.  
 
CNG Station 
The CNG station was constructed and commissioned by the Task Force for Business and Stability Operations 
(TFBSO), donated to MoMP, and later tendered to a private operator. The tender agreement included pricing for 
gas starting at US$150/MCM in 2014. The price will then increase with inflation each year. Since inflation 
statistics are not readily available in Afghanistan, the consumer price inflation of India is used. This has 
averaged 8 percent per year in recent years.  
 
The price was meant to serve as the first “arm’s length” sale of gas to private sector buyers in Afghanistan, 
providing a benchmark for future sales that would allow for sustainable development of the upstream, 
midstream and downstream gas sectors. The purpose of the pricing structure was also to provide the station 
operator an attractive, sustainable market price for natural gas in the early years of operations before the station 
reaches maturity. Then, notably aggressive annual price increases would allow MoMP to collect a greater share 
of proceeds from the station in exchange for having awarded it to the private operators for much less than it 
cost to build and commission.  
 
Current Discussions with Potential Private Industrial Buyers 
The recent rehabilitation and drilling of wells at Yatimtaq and Gerquduq, along with the tender of Totimaidan 
(which includes Juma and Bashikurd fields), have given potential downstream investors increasing confidence 
that gas will soon be available for sale to buyers besides those described above. This has led to both formal 
and informal discussions on what the price of gas will be between AGE and private industrial buyers.  
 
Initial IPP development discussions have indicated a price of US$100 - $150/MCM, with a potential for discount 
for the first mover to sign both a Gas Purchase Agreement with MoMP and a Power Sales Agreement with 
DABS. Other potential buyers have asked for prices similar to those paid by NFPP, but MoMP understands that 
it is not possible to sustain production at these prices. 
 
MoMP has guided all other prospective industrial buyers to pricing of US$150 - $200/MCM, which is in line with 
prices required to sustain exploration, development, and production under EPSCs.  
 

2.4 Gas Gathering 
AGE currently produces gas from wells at four fields, all drawing from Cretaceous reservoirs: Gerquduq, 
Shahkarak, Khoja Gogerdak, and Yatimtaq. The schematic below details the following items:  
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• The gas fields and wells that supply NFPP and the city of Sheberghan, including remaining reserves. 
• Daily production rates in 2014 (which are expected to decline over time). 
• Gathering lines, midstream infrastructure, and pipelines to NFPP. 

Figure 5: Current Gas Gathering Schematic 

 
 
In Figure 5, above, the future production from the “New” Yatimtaq Wells refers to the wells recently drilled and 
rehabilitated using funding from ADB. They may be used to supply an independent power plant (IPP) in either 
Sheberghan or Mazar-e-Sharif, and to offset anticipated losses from Khoja Gogerdak as its Cretaceous 
reservoir is nearing the end of its life. Wells 38 and 45 have low enough sulfur (H2S) levels that the gas can be 
processed using the newly acquired amine unit. However, Well 47’s H2S level is too high and cannot be 
brought online until more robust gas processing equipment is acquired and commissioned. 
 
Gathering Lines 
All currently used gathering lines are believed by AGE to be in good shape, but need further inspection, 
especially given that most of the lines are 40 – 50 years old. Most lines are buried, allowing for only limited 
visual inspections. Following is a commentary on each specific gathering line on record:  
 

• The longest gathering line is the 28 inch, 28 km line connecting Gerquduq to Khoja Gogerdak. A recent 
examination of a portion of the pipe indicates that it has been used exclusively for sweet gas and it 
appears in good shape and capable of continuing to operate for the foreseeable future. The line is 
currently used to deliver 155 MCM of gas/day, with no reports of leakage. 
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• Gathering lines from currently producing wells at Yatimtaq and Khoja Gogerdak all are in good shape 
and operating without leaks. 

• New lines have been installed connecting the recently rehabilitated wells at Yatimtaq to the processing 
plant at Yatimtaq Station. These lines have never been used.  

• A new 12 inch, 2 km line has been constructed downstream of the amine plant. It is currently being 
tested and will be ready to be placed in service upon commissioning of the amine unit. 

 
Compressors 
Three new compressors have recently been acquired and commissioned by TFBSO. The Original Equipment 
Manufacturer (OEM) is Exterran. Each unit has the following specifications: 
 

• Suction Design Pressure:  55 psig 
• Discharge Minimum Pressure :  250 psig 
• Discharge Maximum Pressure:  335 psig 
• Inlet Temperature:   65°F 
• Inlet Water Content:   Saturated 
• Flow volume Maximum:   24 Thousand Cubic Feet (MMcfd) 
• Flow volume Minimum:   16 MMcfd 

 
Dehydration Equipment 
A new dehydration unit has also been acquired and commissioned by TFBSO. The OEM is Exterran. The unit 
has the following specifications: 
 

• Inlet Design Pressure   250 psig 
• Inlet Temperature   100°F 
• Inlet Water Content   Saturated 
• Flow volume Maximum   34 MMcfd 
• Flow volume Minimum   16 MMcfd 
• Outlet Water Content   7 lb/MCF 
• Minimum Design Pressure  1200 psig 
• Valves and Flanges   600 ANSI 

 
Gas Sweetening (Amine) Unit 
A new amine unit has also been acquired and assembled (but not commissioned) by TFBSO. Commissioning 
will occur when an outsourced gas processing management firm is hired to operate the amine unit. The OEM is 
Spitzer (Packaged by Zephryr Gas, which was recently purchased by Regency CDM).  The unit has the 
following specifications: 
 

• Capacity     960 MCM/day at 1,500 ppm  H2S and 2.86 percent CO2  
• Inlet Design Pressure-Minimum  450 psig 
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• Inlet Design Pressure-Maximum  1200 psig 
• Inlet Water Content   Saturated 
• Outlet Gas H₂S  Content  Less than 10 ppm 
• Outlet Gas CO₂  Content  Less than 1.0  percent 

 
Rehabilitated (Old) Pipeline 
The old pipeline is operational, but 15 km needed replacement. Of that, 12 km is completed, and the remaining 
3 km is scheduled to be completed in 2015. It is not possible to use a pipeline inspection gauge on the old 
pipeline; the subsequent maintenance and inspection activities will be marginalized. 
 
Consistent with US code and the requirement to operate the line at a maximum hoop strength equals to 20 
percent of the specified minimum yield strength, the maximum allowable operating pressure of 309 pounds per 
square inch (PSI) is the primary constraint. This leads to a maximum flow of 960 MCM/day. However, the line 
has not been tested at these pressures and is currently operating at 150 PSI. This is up from 87 PSI before the 
recent work. To date, no issues (such as leaks) have been reported while operating at 150 PSI.  
 
New Pipeline 
In addition to rehabilitating the old pipeline, TFBSO purchased 94.5 km of new line pipe to eventually replace or 
augment the old pipeline. The new pipe is currently being delivered to each end of the pipeline for storage, but 
there are currently no plans to install the pipeline until either increased demand merits it or issues arise with the 
rehabilitated pipeline. 
 
Management Plan – Wells, Gathering Lines & Pipelines 
AGE has been managing the reservoirs, wells and gathering lines at Yatimtaq, Khoja Gogerdak, Gerquduq, and 
Shahkarak, along with the pipeline to NFPP for decades. They have the capacity to continue managing these 
assets in the future, albeit in a primitive fashion. A more robust budget is required if production increases and/or 
rehabilitation of infrastructure is required. 
 
To augment their current skills, they will be receiving training from international oil and gas companies that 
operate other blocks in northern Afghanistan, provided for by the EPSCs for the Afghan Tajik and Totimaidan 
blocks. Plans are also being developed to corporatize AGE, which will hopefully lead to a significant 
improvement in its management development. 
 
AGE is marginally capable of managing the compressors and dehydration equipment, but it may be more 
efficient to maintain oversight of all gas processing equipment under one management team. 
 
Management Plan – Gas Processing 
AGE does not currently have the skills in house to manage the newly acquired amine unit. Given the risks 
associated with handling high- H2S gas, professional oversight is mandatory. MoMP is therefore developing 
plans and a budget to hire an outside gas processing management firm to both operate the amine unit and to 
train AGE how to eventually take over operations.  The outsourcing is expected to last for at least two years. As 
noted above, the firm will likely also oversee the compressors and dehydration equipment.  
 
The next step is to obtain budgetary approval and funding for the contract, which will likely cost US$5 million per 
year, including security. This part of the supply chain is critical. Without it, there is no way to safely process gas 
from the newly rehabilitated Yatimtaq wells which represent 70 percent of future gas supply to the NFPP and 
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the proposed IPP. Although the amine unit has been purchased and delivered to Sheberghan, it will not be 
commissioned until the outside management team is in place. 
 

3 Potential Demand for Direct Gas Use 

This  report summarizes potential demand for gas in northern Afghanistan over the next 10 – 20 years, breaking 
it down into two components.  This chapter will cover the potential demand for direct gas use. Chapter 4 
addresses the potential demand for gas specifically for generation of electricity. Chapter 5 will then provide the 
total from all potential consumers and briefly compare it to neighboring countries. No effort is made to predict 
the precise timing of when new sources of demand will come online, other than to consider their potential to 
arise at some point in the next decade or two. For example, a full-scale crude oil refinery is likely to be built in 
northern Afghanistan, so it is included, but it’s unknown if the refinery will be built in 5, 10 or 15 years from now. 
 
This chapter reviews and summarizes potential demand for direct gas use in five sectors: feedstock, industrial 
processes, CNG, local distribution networks (LDN), and a pipeline to Kabul. Potential demand from Kabul is 
included since it represents the single largest opportunity for sales of gas from northern Afghanistan that does 
not require an export pipeline to another country. The potential demand from a pipeline to Kabul could have 
been addressed in either this chapter or Chapter 4, since gas delivered to Kabul will mostly be used to generate 
electricity. However, from the perspective of northern Afghanistan, providing gas to a pipeline serving a location 
outside of northern Afghanistan (such as Kabul) is technically defined as direct gas use.  
 

3.1 Feedstock 
Natural gas is used as a feedstock for the manufacturing of a number of chemicals and products. Gases such 
as butane, ethane, and propane, often referred to as natural gas liquids (NGLs), or condensates, are extracted 
from natural gas and then used as a feedstock for fertilizers, petrochemicals and pharmaceutical products. With 
gas discoveries in Afghanistan to date consisting of relatively dry gas, the opportunities to use condensates as 
a feedstock are limited. This report assumes new discoveries are also relatively dry and therefore no market 
arises for feedstock from condensates. 
 
That said, dry gas can be used to produce urea fertilizer. In fact, the single largest consumer of gas in 
Afghanistan today is the state-owned Northern Fertilizer and Power Plant (NFPP). It currently consumes 340 
MCM/day of gas. Unfortunately, NFPP is an antiquated and obsolete facility that is kept open only thanks to 
heavily subsidized gas prices that are unsustainable. With over 2,000 employees, the Government of the 
Islamic Republic of Afghanistan (GIRoA) is unlikely to close the factory in spite of the heavy costs. This report 
assumes gas consumption from NFPP will continue in perpetuity at 340 MCM/day. Hopefully, this will be 
achieved through efficiency improvements at the factory instead of ongoing subsidies. With urea plants heavily 
subsidized in neighboring countries, a new urea plant in Afghanistan is not likely to be feasible. 
 
Natural gas can also be used to produce methanol, which has many industrial applications. Natural gas is 
converted to synthesis gas, which is a mixture of hydrogen and carbon oxides formed through a process known 
as steam reforming. This synthesis gas is then used to produce methanol, which in turn, is used to produce 
formaldehyde, acetic acid, and MTBE, which is used as an additive for cleaner burning gasoline.  
 
Methanol plants benefit from economies of scale. As a consequence, most recent plants have capacities of 
2,000 tons/day or more. At an average price of US$532/ton/year of capacity, a 2,000 ton/day plant costs almost 
US$400 million to construct in the U.S., and costs in Afghanistan would likely be 25 percent higher.2 
                                                      
2 Calculation based on upstream analysis and discussions with industrial companies in Afghanistan. 



SGGA                                                                                                                              March 7, 2015 

Gas Feasibility Study Update           Page 10 of 112 
 

Figure 6: Capital Costs for Methanol Plants in U.S. (US$000/Ton/Year) 

 
        Source: ADI Analytics 

 
Methanol plants consume approximately 1 MCM of gas for each ton (8 barrels) of methanol produced, making 
this a significant potential consumer of gas.  A 2,000 ton/day plant would consume 2,000 MCM of gas/day. 
Assuming there is sufficient gas supply, three major issues must be contemplated in predicting if a methanol 
plant will be built in Afghanistan. First, given the political and security situation, will private investors risk this 
much capital? Similar investments are being made by private investors in the upstream exploration, so it is fair 
to assume they would take a similar risk on downstream activities.  
 
Second, will methanol prices remain a multiple of natural gas prices on a barrel of oil equivalent (BOE) basis in 
the future? As shown in Figure 7 below, this has been the case in the U.S. for most of the last decade, but then 
oil and methanol prices collapsed in late 2014. Gas prices have not fallen as dramatically. It is beyond the 
scope of this report to predict global oil and gas prices. However, refined transportation fuels in Afghanistan are 
100 percent imported, and therefore very expensive. For example, wholesale prices for diesel average 
US$150/BOE today. A gas price of US$150/MCM equals US$25/BOE, making methanol production appear 
feasible. 

Figure 7: Historical Oil, Methanol, and Natural Gas Prices in the U.S. 

 
Source: EIA 
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Third, how much demand is there for methanol produced in northern Afghanistan, either for consumption in 
Afghanistan or for export? Annual global demand for methanol is 110,000 tons/day and demand for 
transportation fuels in Afghanistan is approximately 6,000 tons per day, including Afghan National Army (ANA) 
and Afghan National Police (ANP). It’s unlikely the local market would be more than 10 percent of that. This 
equals 600 tons/day of methanol (consuming 600 MCM/day of gas). Exports may be possible, but recent 
difficulties exporting crude oil from northern Afghanistan provides a note of caution on the logistical challenges, 
timelines, and costs associated with exporting hydrocarbons. 
 
With these considerations*/ in mind, this  report assumes either a methanol or other direct feedstock consumer 
of natural gas, such as gas-to-liquids, will arise in the next 10 to 20 years and consume 600 MCM/day of gas, 
most or all for local consumption. This is in addition to the 340 MCM/day of gas that NFPP will continue to 
consume, for a total of 940 MCM/day of demand for gas as feedstock. 
 

3.2 Industrial Processes 
Natural gas is consumed primarily in the pulp and paper, metals, chemicals, petroleum refining, stone, clay, 
glass, plastic, and food processing industries. These businesses account for over 84 percent of global industrial 
natural gas use, according to the Natural Gas Supply Association. The gas is used for waste treatment and 
incineration, metals preheating (particularly for iron and steel), drying and dehumidification, glass melting, food 
processing, industrial boilers, infrared heading units, direct contact water heaters, combined heat and power, 
and co-firing.  
 
While small commercial enterprises are operating in northern Afghanistan, they are not likely to be significant 
consumers of gas. According to a recent poll taken by Unicon, restaurants and bakeries in Mazar-e-Sharif 
consume a total of 2.2 million kilograms of LPG per year. This is the equivalent of only 8 MCM/day of natural 
gas if they were to switch fuels.  
 
The largest consumers of energy in northern Afghanistan are brick factories.  They consume a combined 550 
tons/day of coal, according to Unicon. This is roughly equivalent to 275 MCM/day of gas on a British Thermal 
Unit (BTU) equivalency basis. However, they are configured to operate on coal and are unlikely to change fuel 
sources unless coal prices increased dramatically. 
  
With no large industrial consumers of natural gas in northern Afghanistan today, trying to predict which relatively 
large industrial enterprises may be established in the next decade or two is particularly challenging. That said, 
there are a number of potential candidates that have a reasonable chance of being realized. They include: 
 
Gas Processing & Transportation 
The most likely and earliest demand for gas will be from gas processing and transportation itself. Full-scale gas 
processing is discussed in detail in Chapter 6.2.3 of this report. The processes of compression, dehydration, 
desulfurization, sulfur recovery, and transportation consume on average 5 percent of the gas produced. 
Assuming 10,000 MCM/day of gas is produced in 10 to 20 years, these processes will consume 500 MCM/day 
of gas. 
 
Oil Refineries 
Both crude oil and refined fuels are expensive to transport in Central Asia. This drives down the well-head price 
of crude oil if it needs to be exported and transported over long distances. Recent tenders for the export of 
Afghan crude oil lead to a 40 percent discount to the Brent Crude benchmark price. With the recent crash in 
global crude oil prices, Afghan crude oil would likely now sell for US$30/barrel. At the same time, 100 percent of 
transportation fuels are currently imported into Afghanistan, traveling long distances and accruing significant 
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expenses. Diesel, for example, costs US$110/barrel in wholesale markets in Hairitan, Afghanistan’s border city 
with Uzbekistan.  
 
As a result, the US$80/barrel “crack spread” (gross margin) for a refinery in Afghanistan would be one of the 
highest in the world. To put this in perspective, a U.S. refinery usually operates on US$10 – 15/barrel crack 
spreads. A number of companies are now pursuing this opportunity in Afghanistan. Four small distillation 
“topping plant” refineries have recently been commissioned in northern Afghanistan. They’re in the early stages 
of development due to technical difficulties and lack of crude oil supply - only 2,000 barrels per day of crude oil 
being produced in Afghanistan today – but hope to expand production in the coming years. Combined capacity 
of the four refineries is 10,000 barrels per day.  
 
It’s important to note that topping plant refineries are relatively simple operations that create more heavy fuel 
oils than transportation fuels. They are vastly different from a full-scale refinery capable of producing mostly 
transportation fuels. Topping plants therefore consume much less energy than a full-scale refinery. While the 
four existing topping plants could potentially consume 25 MCM/day of gas, the larger opportunity for gas 
demand will arise with the construction of a full-scale refinery. 
 
The operators of the Amu Darya Oil Blocks are developing plans for a 50,000 barrel per day full-scale refinery. 
To sustain a refinery of this size, they will first need to discover more oil. Figure 8 displays the projected yearly 
crude oil production profile from proven reserves of 80 million barrels in the Amu Darya Blocks. Production 
peaks in year seven at nine million barrels, equal to 25,000 barrels per day as all the known fields are brought 
online. It then drops as reservoir pressures decline.  

Figure 8: Projected Crude Oil Production from Proven Reserves in Amu Darya Blocks 

 
          Source: Author’s Estimate 

 
With a full-scale refinery as an anchor customer, the upstream drilling and production operations could be 
organized to create a more stable production of 18,000 barrels per day for 15 years. However, this clearly falls 
well short of supplying a 50,000 barrel per day capacity refinery. To justify a refinery of this size, exploration 
must lead to a tripling of reserves. The Blocks contain multiple attractive prospects that may lead to discoveries 
of more reserves, but assuming that reserves could triple would be aggressive. 
 
This report projects that reserves will increase 50 percent and a full-scale refinery with capacity of 25,000 
barrels per day will be constructed. A full-scale refinery of this size will suffer from diseconomies of scale, but 
the massive crack spread will more than justify the additional upfront costs. A refinery of this scale will consume 
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approximately 125 MCM/day in gas based on industry averages of gas consumption for operation and 
generation of captive power for the refinery.3  
 
Minerals Refining and Small-scale Steel Plants 
Afghanistan is endowed with an estimated US$1 – 3 trillion in mineral wealth, including copper, iron ore gold, 
and other minerals. Some of this would require local processing to make mining feasible. Iron ore is a good 
example. Benchmark pricing for iron ore has fluctuated between US$70 and US$140/ton. These prices are 
generally only paid for ore loaded onto a ship on the ocean. Transporting raw iron ore from Afghanistan’s 
Hajigak mine to the nearest port is likely to cost US$50 - 60/ton. While feasible when benchmark prices are 
high, it is not efficient and not feasible when prices are low, such as today.  
 
Consequently, Hajigak becomes more feasible and profitable if the iron ore is processed locally before 
exporting. This could involve converting the ore to pig iron, which triples the value of the product on a per ton 
basis. Or it could involve full processing of the ore to finished steel, which increases the value five-fold. The 
initial proposal from AFISCO, the winning bidder on two of the Hajigak blocks, included a six million ton steel 
plant. This would be powered by a 400 MW captive power plant. The plant would use either coal or gas for 
power, depending on availability, pricing and optimal location of the steel plant. If gas were used, it would 
consume 2,000 MCM/day of gas. Unfortunately, with the recent crash in iron ore prices, AFISCO has reduced 
their commitment and are now discussing a one million ton steel plant, which would consume 350 MCM/day of 
gas.  
 
The remaining iron ore would either be exported raw or processed into pig iron. Pig iron can be produced 
through a number of methods. Some consume more gas than others. A conservative estimate is that five million 
tons of ore per year will be processed into pig iron locally in the next 10 to 20 years, with up to 10 million tons of 
raw ore exported. The production of pig iron would consume approximately 400 MCM/day of gas. Between the 
one million ton steel plant and the five million ton pig iron plant, this report assumes 750 MCM/day of gas will be 
consumed by the iron ore industry.  
 
Separately, a small-scale steel foundry in Mazar-e-Sharif is currently in the planning stages. It will consume 25 
MCM/day of gas in the first phase, and if successful, it will likely expand operations. This report assumes small-
scale foundries will consume a total of 75 MCM/day in the next 10 to 20 years. 
 
This report does not include any projected gas consumption from copper or gold, given location of the deposits 
and financial capacity to export the higher value ores without local processing. 
 
Glass Factory: 5 MCM/Day in First Phase, 100 MCM/Day at Full-scale 
No glass factories currently exist in Afghanistan, in spite of high import costs and readily available raw 
materials, namely silicate and natural gas to heat the silicate. Jade Glass is a development stage company that 
is planning to construct a glass plant in Mazar-e-Sharif. It has received donor funding and is in negotiations with 
MoMP over gas pricing. The factory will be built in two stages; the first stage being a “proof of concept,” which 
will only consume 5 MCM/day. At full-scale, the factory will consume 100 MCM/day. Given the obvious 
advantages to producing glass locally, this report assumes that a company or a number of companies will 
produce glass in northern Afghanistan which will lead to 100 MCM/day of gas consumption. 
 
Cold Storage 

                                                      
3 Patrick DeHaan, “What it Takes to Power U.S. Refineries,” GasBuddy.com, January 29, 2010. 
https://blog.gasbuddy.com/posts/What-it-takes-to-power-U-S-refineries/1715-397564-218.aspx 

https://blog.gasbuddy.com/posts/What-it-takes-to-power-U-S-refineries/1715-397564-218.aspx
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Agriculture is the single largest employer in Afghanistan, but the cold storage industry is virtually non-existent 
due to lack of reliable power and gas supply.  This reduces demand for agricultural products and increases 
consumer prices due to higher spoilage rates. Food processing and cold storage facilities consume both 
electricity and gas (for refrigeration).  The average 20,000 cubic meter plant for fruit and vegetable processing 
and frozen storage has an electrical consumption equivalent to 0.5 MW of installed capacity, plus natural gas 
consumption of 2 MCM/day. If it were to produce its own power (to reduce the risks of power outages from the 
grid and resulting spoilage), total gas consumption would be 5 MCM/day.  
 

Cold storage facilities located in Mazar-e-Sharif could conceivably serve not only northern Afghanistan, but also 
Kabul. Including Kabul, the total market would be approximately 10 million people. Figure 9 provides the cubic 
meters of cold storage facilities per urban resident in select developing countries. Assuming Afghanistan’s cold 
storage industry develops, but stays relatively small due to low gross domestic product (GDP) per capita, 0.06 
cubic meters per resident provides a reasonable assumption. This would equal 60,000 cubic meters of space, 
which is equivalent to three medium sized facilities.  This report assumes three facilities are built and decide to 
generate their own power, consuming a total of 15 MCM/day of gas. 

Figure 9: Cold Storage Facilities Sizes in Developing Countries 

  
Source: International Association of Refrigerated Warehouses 2010 Global Cold Storage Capacity Report 
 

3.3 CNG 
The CNG industry is experiencing rapid growth in many countries where natural gas is available at moderate 
prices. CNG creates a “win-win-win” scenario as it can be profitable for car owners, CNG station operators, and 
upstream gas providers. The first CNG station in Afghanistan opened in Sheberghan in 2013. It was 
constructed with donor funding in partnership with MoMP and was later transferred to private ownership in 
2014. The new owner intends to open stations in Mazar-e-Sharif next.  
 
CNG in Afghanistan is priced at 50 percent of equivalent petrol prices. For taxis and other vehicles that drive 
more than 10,000 km/year, the savings can be significant. For example, the average Sheberghan taxi drives 
20,000 km and spends US$2,000 on petrol/year; the complete conversion to CNG for fuel needs would save 
the driver US$1,000/year. With conversion of a Toyota Corolla taxi costing under US$1,000, the payback on the 
cost of conversion is less than one year. Over six years, the taxi driver saves over US$5,000 even after paying 
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for conversion.  For private vehicle owners, the savings are usually smaller, but still attractive. For those who 
drive 8,000 km/year, the payback is two years, Over six years, the owner saves over US$2,000, even after 
paying for conversion. It is unlikely vehicles driven less than 6,000 km/year will convert to CNG. 
 
CNG stations often operate at higher gross margins than traditional petrol stations. Drivers also have to fill up a 
CNG tank more often, providing the station operators more opportunities to sell ancillary products and services. 
The Sheberghan station is projected to earn US$1.3 million/year in gross revenue and a 15 percent net profit 
margin once it reaches maturity (based on a business study conducted by the author of this report while serving 
as the financial advisor to MoMP during the development of the CNG station). In contrast, recent discussions 
with traditional petrol station owners in northern Afghanistan indicate profit margins on those businesses are 5 
percent or less.  
 
The Sheberghan CNG station currently purchases gas from AGE at a price of US$150/MCM, with an annual 
inflation adjustment. This is currently the highest price paid for gas in Afghanistan, and also aligns with the 
sustainable price of gas for an upstream operator in Afghanistan, as discussed in detail in Chapter 6.  
 
With such attractive economics for all stake-holders in the CNG supply chain, it’s no surprised the number of 
CNG vehicles is growing at 24 percent per year in the region. There are now over 2.5 million CNG vehicles in 
Pakistan alone (80 percent of total passenger vehicles in the country). Pakistan’s CNG industry would likely still 
be growing if not for gas shortages, which are discussed in more detail in Chapters 7 and 8. Iran now has over 
2.2 million CNG vehicles, and with only 30 percent of vehicles converted to CNG, the market is continuing to 
grow dramatically. The same can be said for India. 

Figure 10: Global CNG Vehicle Growth Since 2003 

 
 
Source: Naturalgas.org 
 
Table 2 provides is a brief analysis of the potential for demand for gas from CNG in the Provinces of Balkh and 
Jawjzan in the next 15 years. The analysis focuses exclusively on these two provinces since they are 
connected by natural gas trunk lines, thereby allowing for distribution to CNG stations within proximity of the 
trunk lines.  This analysis makes the following assumptions: The Sheberghan station proves successful and 
leads to growth into Mazar-e-Sharif and general acceptance among the population, as has been the case in 
neighboring countries. Fifty percent of taxis and buses convert to CNG and 25 percent of private vehicles 
convert. Taxis drive 20,000 km/year, thereby spending just over US$1,000/year on CNG (in 2014 $ terms). This 
is supported by recent data in Sheberghan. Private vehicles that drive 7,500 km/year spend just under 
US$400/year.  
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The analysis concludes that, although CNG is an attractive market, total demand for gas is relatively small, at 
81 MCM/day in approximately 15 years. While CNG markets are much larger in neighboring countries, they 
benefit from national gas transmission networks that allow for sales of CNG in all major markets.  

Table 2: Projected Gas Consumption from CNG in 15 Years 

 
 
Source: Author’s Estimate 
 

3.4 Local Distribution Networks 
The potential to expand Afghanistan’s gas LDN is discussed in detail in Chapter 6.3 of this  report. In short, 
given the high cost of building a new network and the low potential consumption per household, a privately 
funded LDN serving residences is unlikely. Expansion of the current network would require either donor funding 
or subsidies, possibly funded by non-residential gas customers paying full price.  
 
Although AGE used to serve Mazar-e-Sharif, Aqcha, and Sheberghan through a large LDN, most of the lines 
have become obsolete and have been abandoned. Only the Sheberghan network is still functioning and it too is 

Market Size in 2013
# of Taxis 6,300                TFBSO estimates, from on taxi associations & CSO data
# of Public Buses 3,400                CSO data for Afghanistan x 3.5% of population
# of Private Vehicles 26,656               CSO data

Market Size in 2030
Annual Growth Rate of Population 2.4% Based on historical average over last decade
Vehicle Growth Rate Multiplier 100.0% Based on historical average and comparable countries
Annual Growth Rate in Vehicles 4.8%
# of Taxis 13,979               
# of Public Buses 7,544                
# of Private Vehicles 59,148               

CNG Consumption in 2030
Taxis & Buses
KM Driven per Vehicle / Year 20,000               Based on poll of Sheberghan taxi drivers in 2013
KG of CNG / KM 0.0749               Based on Sheberghan CNG station 
Cubic Meters of Natural Gas / KG of CNG 1.2058               Based on Sheberghan CNG station 
Cubic Meters of Gas Consumed per Vehicle / Year 1,806                
Price / KG of CNG $0.68 Sheberghan CNG Station 2014 Price
Price Paid per Vehicle / Year $1,019
% of Vehicles Converted to CNG 50% Assumption
# of CNG Vehicles 10,762
Total Market Consumption / Year, MCM 19,439               Note conversion from cubic meters to MCM
      Per Day 53                     

Private Vehicles
KM Driven per Vehicle / Year 7,500                Estimate
Cubic Meters of Gas Consumed per Vehicle / Year 677                   
Price Paid per Vehicle / Year $382
% of Vehicles Converted to CNG 25% Assumption
# of CNG Vehicles 14,787
Total Market Consumption / Year, MCM 10,016               Note conversion from cubic meters to MCM
      Per Day 27                     

Total CNG Consumption / Day, MCM 81                     



SGGA                                                                                                                              March 7, 2015 

Gas Feasibility Study Update           Page 17 of 112 
 

nearing the end of its life. Nonetheless, AGE recently increased gas supply to the Sheberghan LDN to 300 
MCM/day. End-users include residences, commercial customers, and small industrial companies. They are 
being served unprocessed sour gas that is both corrosive and dangerous. Doing so in almost any other country 
would be illegal, but given the lack of gas processing equipment and low end-user prices paid (effectively under 
US$30/MCM), this is the only option AGE has, short of abandoning the network and discontinuing supply 
altogether. 
 
Given the poor economics of building and operating a new LDN in northern Afghanistan, gas demand from 
LDNs is projected to remain constant at 300 MCM/day, but not grow. This assumes gas processing facilities will 
be commissioned, reducing health and safety issues, and the current network will be maintained through a 
combination of donor funding, subsidies, and/or incremental increases in end-user prices. However, new 
networks will not be commissioned, nor will old abandoned networks be rehabilitated. 
 

3.5 Pipeline to Kabul Market 
Analyzing the potential for a gas export pipeline is beyond the scope of this  report, due largely to the political, 
logistical, and financial difficulties that such projects face in this region of the world. For example, the proposed 
Turkmenistan-Afghanistan-Pakistan-India Pipeline (TAPI) has been contemplated for over two decades without 
a final agreement. That being said, building a pipeline within the borders of a country removes many of the 
political issues. It also reduces the length of the pipeline and therefore its costs. If supply of gas in northern 
Afghanistan significantly exceeds local demand, the most obvious next market of size would be Kabul, 
approximately 500 km from Sheberghan via the proposed “Bamyan Route.” This route was studied by Hill 
International in 2004 and deemed technically feasible. 
 
Kabul represents a larger potential market than northern Afghanistan. However, gas would be competing with 
seasonal hydro-power, reducing projected demand somewhat in Kabul itself. One distinct advantage to the 
Bamyan Route is the potential to supply gas to Hajigak, the second largest undeveloped iron ore deposit in the 
world. The recent 50 percent crash in iron ore prices has put proposed development of the mine on hold, but 
when/if prices rebound to US$100/ton or more, the mine is feasible and could use gas for mining and 
processing activities.  
 
ADB recently hired energy consulting firm Fichtner GmbH  to develop a “Gas Master Plan” for Afghanistan. As 
part of this work, Fichtner analyzed the potential to transport either gas or electricity to Kabul from northern 
Afghanistan. They concluded that transporting gas would be far more economical, primarily due to capital costs 
and transmission losses associated with electricity.  Figure 11 outlines the economics of the two options.  
 
In addition to lower costs associated with transporting gas to Kabul versus electricity, the gas option would allow 
for supply of gas to the Hajigak iron ore mine in Bamyan province. As discussed in Section 3.2, production of 
pig iron and steel both require significant gas and power. The demand for power is high enough that the 
operators of Hajigak will demand the right to produce captive power, which will cost 40 – 50 percent less than 
purchasing power from DABS.  
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Figure 11: Comparison of Investment for Gas and Electricity Transmission 

 
Source: Fichtner, Gas Development Master Plan, November 2014 

 
Fichtner estimated the cost of building a 600mm (24 inch) pipeline along the 508 km (315 mile) “Bamyan Route” 
at US$940 million, including compression. This equals approximately US$126,000 per inch mile. While double 
average costs in the U.S. and triple estimated local costs as outlined in Chapter 6.3, the proposed route 
includes crossing the Hindu Kush Mountains, peaking at 3,900 meters along the route. The technical and 
logistical complications, along with compression requirements, may justify Fichtner’s estimate. The pipeline 
would have a capacity of 8,400 MCM/day. Fichtner estimates demand from the Kabul pipeline of 6,720 
MCM/day in their “Medium Demand” scenario.  
 
Following is a brief analysis of the economics of operating the pipeline using Fichtner’s capital expenditure and 
demand assumptions. The analysis assumes the pipeline is financed and operated by private investors, with a 
70/30 debt to equity ratio leading to a 9.8 percent weighted average cost of capital. This leads to a delivery cost 
of US$76/MCM for gas purchased in Sheberghan and sold in Kabul. Assuming a price of US$150/MCM in 
Sheberghan for pipeline quality (processed) gas, the city gate price in Kabul would be US$226/MCM.  
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Table 3: Projected Cost/MCM for Gas Delivered to Kabul 

 
 
Source: Author’s Estimate 
 
As outlined in Chapter 6.4 of this report, if an IPP in Kabul were to purchase this gas at US$226/MCM, it would 
likely lead to an electricity sale price of US$0.11/kWh to DABS. This appears feasible, especially in winter 
months when hydropower is not available. Given this analysis, this report assumes that a pipeline is built 
between northern Afghanistan and Kabul in the next 10 to 20 years, and that demand is 6,720 MCM/day 
(Fichtner’s estimate). This estimate may be conservative, given that demand should increase as the population 
of Kabul increases over the next 20 years. Yet, it’s offset by risks associated with some of the potential 
industrial sources of demand outlined by Fichtner. 
 

4 Potential Demand for Gas as Fuel for Generation of Electricity  

Chapter 4 analyzes the potential demand for gas as a fuel for generation of electricity, focusing the northern 
Afghanistan market over the next 10 – 20 years. It is assumed that transmission bottlenecks, synchronicity 
issues and other logistical impediments to local delivery of electricity can be resolved in this timeframe. 
 
Consumption of electricity in northern Afghanistan today totals 1.9 billion kWh per year. This includes DABS-
supplied electricity and large unserved customers operating captive power. Meanwhile, current consumption is 

Gas Delivery via Pipeline
Average Gas Delivery/Year (MCM) 2,452,800          
Average Gas Delivery/Day (MCM) 6,720                Fichtner estimate

Pipeline Capex (US$ Millions)
Capex per Inch Mile $0.126 Fichtner estimate
# of Miles 315                   Bamyan Route
Size of Pipeline, Inches 24                     
Total Cost $940

Operating Expenses
Maintenance Costs, as % of Total Capex 2.5%
Variable O&M, per MCM $10 Including natural gas used in operations
Depreciation Rate, Years 30                     Straight-line
Weighted Average Cost of Capital (WACC) 9.8% 70/30 Debt/Equity, 8% interest rate, 14% Equity IRR

Pricing (US$ Millions)
Maintenance Costs $23.50
Variable O&M Costs $24.53
Depreciation Expense $31.33
Taxes $14.00
Subtotal Operating Costs $93.36 Before Cost of Capital
   Operating Costs / MCM $38.06

Cost of Capital $92.11 Based on WACC
   Cost of Capital / MCM $37.55

Total Costs $185.47
Total Cost / MCM $76
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curbed by lack of supply. Assuming supply and demand increase at 8 percent/year, a similar rate to Bangladesh 
and Pakistan in the 1990’s (a comparable period in the development of their power industries), total 
consumption will reach 8.9 billion kWh in 20 years. This would require gas supply of approximately 6,000 
MCM/day if 100 percent of demand were met with gas-fired power.  
 
Following is a detailed analysis of potential demand in northern Afghanistan by sector. First, current consumer 
sectors are discussed. They include the residential, commercial, small industrial, and small public Institutions 
sectors. The projections for growth in demand for power from these sectors are based on “The Power Sector 
Master Plan for Afghanistan, 2013.” This was funded by ADB, and developed by energy consulting firm Fichtner 
GmbH & Co (“Fichtner”). Then, other potential consumers not included in Fichtner’s analysis are discussed. 
They include military and police installations, large industrial enterprises, and finally the agricultural sector.  The 
analysis concludes that potential demand for gas as a fuel for generation of electricity in the next 10 – 20 years 
is 1,765 MCM/day.  This does not include captive power, which is accounted for in Chapter 3 of this  report. 
 
Before analyzing demand, brief summaries are provided on power import ramifications, a comparison of gas-
fired power other options, recent commentary from DABS, and recent IPP discussions. 
 
Power Import Ramifications 
Afghanistan currently imports the vast majority of its electricity from neighboring countries. While seasonal 
supply from hydropower imports are inexpensive, year-round supply from Uzbekistan now costs 
US$0.085/kWh. Transmission losses drive the delivered price of Uzbek-supplied electricity to over 
US$0.10/kWh. Furthermore, Uzbekistan is raising its prices every year, and could completely cut supply to 
Afghanistan if it chose. This leads to an important consideration that goes beyond simple question of pricing: Is 
a strategy of relying on imports a good energy security policy?  
 
As shown in Figure 12, Afghanistan paid over US$200 million last year for electricity imports. Payments have 
increased at a 30 percent compound annual growth rate over the last 5 years. If demand in northern 
Afghanistan reaches 600 MW in 15 years, and the weighted average cost/kWh is US$0.09/kWh (in 2015 $, not 
adjusting for inflation), then imports will cost $470 million/year for northern Afghanistan alone.  
 
This is money that could be kept in Afghanistan, reducing the balance of payments deficit, while at the same 
time supporting an indigenous gas and power industry. In fact, if the $470 million were redirected entirely to 
indigenous gas-fired power, then the upstream industry would earn US$180 million in gross revenue, and 
GIRoA would earn approximately US$60 million in royalties, profit sharing and taxes from upstream activities 
(assuming the upstream is operated under an EPSC). Local employment would also improve, with workers 
hired in both the gas and power industries. Finally, DABS would be more economically secure, with a stable 
and reliable source of electricity to offer its customers in northern Afghanistan.  
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Figure 12: DABS Yearly Payments for Electricity Imports 

 
                  Source: DABS. Year 1393 ~ Year 2014 
 
Is Gas-Fired Power Competitive with Other Options?   
As outlined in Chapter 6.4, gas-fired power in Afghanistan is estimated to cost DABS US$0.08 – 0.10/kWh, 
depending mostly on the size and configuration of the power plant and the cost of gas. Comparing this to 
current import options, it’s competitive with 2015 pricing for imports from Uzbekistan, and with CASA 1000, but 
it is more expensive than hydropower imports which are only available seasonally. 
 
Coal is often considered a lower cost option than gas for production of power. This is certainly true on a 
marginal unit basis once the plant is constructed. Nevertheless, coal plants have much higher upfront costs, are 
difficult to start small and scale as demand increases, and would require a reserve study to confirm sufficient 
availability of coal for a larger unit. A 2012 report by the World Bank concluded gas is competitive with both coal 
in Afghanistan. Table 4 displays the report’s estimated cost/kWh for coal.  

Table 4: Required Coal-Fire Power Price, US Cents/kWh 

 
 
Source: World Bank, Afghanistan Resource Corridor Development: Power Sector Analysis, 2012 

 
The same report also concluded that local hydro-power is marginally less expensive once constructed, but 
upfront costs are significant and timelines are protracted, at 10+ years versus less than three years for gas-fired 
power. Table 5 displays the report’s estimated cost/kWh for hydropower. 
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Table 5: Required Hydropower Price, US Cents/kWh 

 
 

     Source: World Bank, Afghanistan Resource Corridor Development: Power Sector Analysis, 2012 
 
DABS Perspective 
In December 2014, DABS provided an overview of transmission infrastructure, demand and their need for 
indigenous gas-fired power to serve northern Afghanistan. Interestingly, they also noted a potential to export 
Afghan-produced power in winter months through CASA-1000. Following are excerpts from the presentation 
given by Mr. Mirwais Alami, Chief Commercial Officer of DABS.  
 

North West Electrical Grid (NWPG) Current Conditions 
• NWPG: 110kV transmission system supplying Balkh, Faryab, Jawjzan and Sar-e-

Pul provinces. 
• 227 MVA Medium Voltage (MV) Transformation Capacity within 8 Substations 
• 115 MW of current Restricted Demand or Consumption. 
• With a reliable supply available the consumption in this region is forecasted to 197 

MW within three years after. 
 
By 2017 

• Transmission reinforcement of a 220kV system to interconnect NWPG to other 
provinces in north Afghanistan 

• A load consumption of more than 400MW in North West provinces 
• At least a 200MW new gas-fired power plant is required 

 
By 2020 

• Reinforcement of a 500kV transmission line to add Kabul and South East 
provinces to the NWPG 

• An additional load consumption of more than 1500 MW 
• At least 1000 MW new gas-fired power plant is required 

 
Conclusion 

• GIRoA supporting private investments in the electricity Sector 
• Existing Natural Gas resources to fire up to 100 MW 
• Near Future Natural Gas resources to fire at least 200 MW 
• Enough electrical market demand 
• DABS ensuring payments to private investors. 
• Possibilities to export surplus power to Pakistan thru Casa-1000 project during 

winter and thru Afghan domestic transmission system all year around. 
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Proposed IPPs 
With gas availability, end-user demand and fiscal terms that appear attractive for all stakeholders, it’s no 
surprise that multiple investor consortia are pursuing an agreement with GIRoA to construct and operate an IPP 
in northern Afghanistan. One consortium, which includes the International Finance Corporation, is developing 
plans to build an IPP next to NFPP in Mazar-e-Sharif, using gas from primarily from Yatimtaq field. The gas 
would be delivered via the recently rehabilitated pipeline from Sheberghan to NFPP. According to initial plans, 
the plant would consume 100 MCM/day to produce 16 MW in the first year. It would then scale operations in the 
second year to 50 MW and begin to consume 300 MCM/day. Expansion would be contingent on commissioning 
of recently acquired gas processing equipment and the installation of additional transmission lines from the 
NFPP substation. Expansion plans beyond 50 MW have not been developed at this time, but the consortia 
plans to use reciprocating engines, allowing for distributed power that can scale easily as demand and 
transmission capacity increases. 
 
Multiple other investor consortia are developing plans to build an IPP in the Sheberghan area, most likely in the 
industrial park near Gerquduq gas field. Initial power plant capacity may range from 50 MW to 200 MW. The 
plant will be supplied by gas from Gerquduq and/or Juma and Bashikurd fields.  
 
It is unclear precisely when any of these plans will move forward, as GIRoA does not currently have a formal 
process in place for selecting an IPP operator and negotiating gas supply, power purchase and other necessary 
agreements. Nonetheless, these issues should be resolved shortly now that the new government is in place, 
including Ministers. Investors hope to have an IPP agreement signed and an IPP commissioned in the next two 
to three years. 
 

4.1 Residential, Commercial, Small Industrial and Public Institutions 
In northern Afghanistan, DABS currently serves the residential, commercial, small industrial and public 
institutions sectors. As part of the Power Master Plan for Afghanistan, Fichtner developed projections for power 
demand through 2032 for these sectors. The analysis was comprehensive and founded on industry-standard 
processes for projecting growth in power demand. Consequently, for these sectors, this  report relies on 
Fichtner’s projections for power demand in northern Afghanistan. A summary of Fichtner’s analysis is provided 
below.  
 
Although Fichtner included demand from sectors currently served by DABS, their projections do not take into 
account the potential demand from large-scale industrial enterprises such as minerals processing, cement 
plants and petroleum refining. These operations will likely opt for captive power, using either coal or gas, so 
Fichtner notes them separately. Fichtner also didn’t address military instillations or potential agricultural uses for 
gas-fired power. This report addresses those sectors separately. 
 
In projecting demand in the sectors currently served by DABS, Fichtner’s primary considerations included 
personal income growth (for residential consumption), GDP growth (for commercial and industrial consumption) 
and price elasticity of demand. Following are excerpts from the Power Sector Master Plan outlining key 
assumptions: 
 

According to the IMF, real GDP is going to grow by 6.2 percent on average until 2014 and then 
decline over the long-term to between 5.4 percent and 6.6 percent, leveling off at 4 percent with 
occasional peaks thanks to the mining production cycle. This forecast reckons with a 7.1 percent 
growth in 2012 and around 6 percent per annum until 2018. Thereafter it is expected to decline 
gradually to around 4 percent up to 2025 and to remain at a level of 4 percent per annum after 
2025. In addition, we assume that the industrial and commercial sector will increase one 
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percentage point above the average growth rate of GDP, as the industrial sector, given its currently 
low level, is expected to increase its share in the economy as a whole. 
 
For the residential sector it is often argued that in low income countries with a 
comparatively low level of electricity demand, income elasticity can considerably exceed 
parity, i.e. a value of 1, and reach values as high as 1.3 to 1.5 and sometimes even more. 
It must be noted, though, that such elasticity figures relate to the entire residential sector 
and thus include additional demand from new connections as well. The approach applied 
in this study makes a distinction between the future demand of existing customers and 
added demand from new customers as a separate item, as described above. Thus income 
elasticity applies only to customers that are currently already connected to the grid. Here 
increasing income often means that households can afford new electricity consuming 
appliances, but high income groups might reach some level of demand saturation. This 
means that income elasticity of demand might lie slightly above parity, but ultimately not 
much, so we reckon with a value of 1.1 for the residential sector. 
 
In commerce and industry, the income elasticity of demand depends entirely on the type 
of future industrial (and commercial) establishments. If heavy, energy-intensive industry is 
implemented, income elasticity can considerably exceed unity. If growth in services, 
commercial establishments, and light industry is the driving force in future, income 
elasticity will be below unity. While we tend to assume that prospects for heavy industry 
are not that promising, it is practically impossible to reasonably predict the structure of 
future industry and of the commercial sector and their respective shares. We therefore 
consider it prudent to take a value of 1 as a kind of average assumption for the income 
elasticity of demand in the commercial and industrial sector. 
 

DABS is planning to substantially increase the connection rates in the shortest possible time. We thus make the 
following assumptions with regard to connection rates in the various regions in the country: Balkh will be 80 
percent connected in the period. 
 
Fichtner developed three scenarios: a base case, a low scenario and an high scenario. They concluded that for 
all of Afghanistan, “energy sent out” would grow on average 7.5 percent per year in the base case to 18,000 
GWh. In the low and high scenarios, growth would average 6 percent and 9 percent, respectively. Figure 13 
illustrates the projected growth through 2032. Fichtner points out that, in spite of the high projected growth rates 
in all scenarios, Afghanistan would still consume relatively low amounts of electricity on a per capital basis in 
2032 compared to other developing countries. This is a consequence of starting from such a small base.  
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Figure 13: Fichtner Projections for Energy Delivery for All of Afghanistan 

 
                   Figures 13-16 Source: Fichtner Power Sector Master Plan for Afghanistan, 2013 
 
The base case of 18,000 GWh in 2032 is the equivalent of 2,055 MW of continuous production. If 100 percent 
of all of Afghanistan’s power was provided by gas-fired power plants, gas consumption would total 
approximately 12,000 MCM/day. Of course, this is not a likely scenario, given other supply options and logistical 
constraints, but it nonetheless provides an interesting benchmark of overall market size in Afghanistan from the 
perspective of gas supply for power. 
 
Focusing on northern Afghanistan, Fichtner provides the same analysis for DABS’ two northern regions: North 
East Power System (NEPS) Turkmenistan and NEPS Uzbekistan and Tajikistan. Base case, low and high 
scenarios for each region are supplied in Figures 14 & 15 below. “Energy sent out” will grow on average 9 
percent per year in the base case to 4,000 GWh in the two regions combined. This is the equivalent of 457 MW 
of continuous production. If 100 percent provided by gas-fired power plants, gas consumption would total 
approximately 2,700 MCM/day.  
 
Fichtner assumes a higher growth rate in the north compared to the rest of Afghanistan due to relatively low 
connection rates and low average household consumption levels today. Though residential connection rates are 
relatively low in most areas in the North, Balkh is the exception, with a 64 percent connection rate in 2012. This 
compares to 24 percent average across Afghanistan.  
 
The high connection rate in Balkh is good news for its residents, but as discussed in Chapters 3.4 and  6.3 of 
this  report, it discourages the construction of a LDN for gas. With most residences are already connected to an 
electrical network, it makes more economic sense to invest in improvements to this network and increases in 
energy supply over the network than to rebuild an old and abandoned gas distribution network.  
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Figure 14: Fichtner Projections for Energy Delivery for NEPS Tkm Region 

 
Figure 15: Fichtner Projections for Energy Delivery for NEPS UZB and TAJ Regions 

 
 
Finally, Fichtner analyzes the varying potential sources of power to satisfy growing demand for all of 
Afghanistan, but it does not provide projections by region. See Figure 16 below. Fichtner concludes that 
domestic gas-fired power will represent almost 40 percent of the total projected installed capacity.  But then 
Fichtner suggested that gas-fired power will in many cases be relegated to seasonal supply and peaking, not 
base load.  This runs counter to DABS’ recent comments expressing a desire to have a gas-fired IPP provide 
base load power in northern Afghanistan. The share allocated to gas was also curbed by Fichtner in part by 
concerns over potential supply of gas. These concerns may prove unfounded, given extensive exploration and 
development activities which have been committed to since the Fichtner report was published.  
 
Using Fichtner’s conclusions of 1,200 MW of installed capacity of gas-fired power in 2032, and assuming 
capacity utilization of only 50 percent for gas-fired plants relegated to seasonal use and peaking, demand for 
gas for generation of electricity would total 3,600 MCM/day for all of Afghanistan.  
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Figure 16: Fichtner Analysis of Potential Afghan Power Capacity 

 
 

              Source: Fichtner Power Sector Master Plan for Afghanistan, 2013 
 
The premise of this  report is to project potential demand for gas presuming it become available. Limiting 
projections of potential demand for gas by using the premise that gas may not become available would defeat 
the purpose of this  report. Therefore, this  report does not incorporate such limitations. This  report makes 
separate projections for gas-fired power’s share of the power market specifically in northern Afghanistan. This is 
then used to estimate potential demand for gas for power for the sectors currently served by DABS. 
 
Under these parameters, it is likely that a much larger share of power in northern Afghanistan will be supplied 
by domestic gas-fired power, again assuming sufficient gas becomes available. Recent discussions with DABS 
support this premise. DABS suggested that current imports supplying northern Afghanistan could be redirected 
to Kabul, allowing northern Afghanistan to supply itself to a great extent.  
 
This report uses Fichtner’s base case of 4,000 GWh of electricity sent out in 2032 in the two NEPS regions 
combined, and assumes that 60 percent of this will be satisfied by domestic gas-fired power. This is the 
equivalent of 275 MW of continuous production. Assuming 80 percent capacity utilization, this requires 
approximately 350 MW of installed capacity. Accordingly, gas demand will reach 1,625 MCM/day. This estimate 
may prove overly conservative given recent increases in power demand in Afghanistan. 
 

4.2 Military & Police Instillations 
The Afghan National Security Force (ANSF) includes 352,000 Afghan National Army (ANA) and Afghan 
National Police (ANP) personnel operating in over 500 locations throughout Afghanistan. It is currently spending 
US$327 million per year on 620 million of power for these bases. Over 90 percent of this is produced on-site 
using diesel-fired generators, leading to an astounding US$0.53/kWh in costs. To put this in perspective, DABS 
charges industrial customers in Balkh province only $0.158/kWh. 
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In hopes of both “getting out of the power production business” and saving money, ANSF recently offered to 
pay DABS US$0.22/kwh if DABS can supply any of its installations with power from the grid. These payments 
would be guaranteed by the US Department of Defense via CSTC-A. If ANSF were to switch completely to grid 
power, it would save GIRoA US$915 million over 10 years. This is net savings after paying for connections to 
the grid and other required infrastructure.  
 
ANSF is starting with a five year plan to purchase from DABS the equivalent of 55 to 115 MW of installed 
capacity by year five, as outlined in Table 6 below. The variance is based on estimated capacity requirements 
per person on the base. At the middle estimate of 77 MW of installed capacity in year five, if 100 percent of this 
were satisfied with gas-fired power, then it would require 400 MCM/day in gas. However, most of the bases 
selected in the first five years are not in northern Afghanistan, and are therefore not likely candidates for gas-
fired power.  

Table 6: Estimates of Power Demand from ANA and ANP Bases Over 5 Years 

 
 
Source: MAJ David Wilson, CSTC-A 
 
While the long-term opportunity is significant, the short-term opportunity for northern Afghanistan is notably 
smaller. Figures 17 and 18 show the locations of ANA and ANP bases in northern Afghanistan. ANSF first 
wants to connect Camp Shaheen near Mazar-e-Sharif to the grid. This is the largest base in the North, and it 
consumes 100 million kWh per year. Using gas-fired power, this will require 60 MCM/day of gas.  

Figure 17: ANA Locations on northern Afghanistan 

 
 

       Source: MAJ David Wilson, CSTC-A 
 

kW Hours Demand from ANA & ANP People .27kW per PAX .5kW per PAX .75kW per PAX

TOTAL 16,424         4,879 8,212 12,318

TOTAL 31,224         9,361 15,612 23,418

TOTAL 95,394 38,502 47,697 71,546

TOTAL 111,894 42,957                55,947 83,921

TOTAL 153,894 54,297                76,947 115,421

Year 1

Year 2 

Year 3

Year 4 

Year 5 



SGGA                                                                                                                              March 7, 2015 

Gas Feasibility Study Update           Page 29 of 112 
 

Figure 18: ANP Locations in northern Afghanistan 

 
 

Source: MAJ David Wilson, CSTC-A 
 
Over the next 10 – 20 years, ANSF will likely connect a number of other smaller bases in northern Afghanistan 
to the grid as well, especially those located in Balkh and Jawjzan provinces. Figure 19 below outlines the first 
four grid connection projects planned by ANSF in northern Afghanistan. It intends to invest over US$30 million 
in connecting bases to the grid. Once completed, total consumption is likely to reach 200 million kWh per year.  
 
Given the relatively high price for electricity offered by ANSF, DABS will likely use it as an anchor customer in 
the North to support development of gas-fired IPP’s. Consequently, it is assumed that 100 percent of the 
electricity is supplied with gas-fired power. This will require 120 MCM/day of gas. 

Figure 19: Power Connection Plans and Priorities for ANA and ANP in northern Afghanistan 
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4.3 Large Industrial Enterprises 
Given the scale of operations for large industrial enterprises, buying natural gas directly and producing captive 
power is a more economical option than buying from DABS. For example, this is true for all but the smallest of 
petroleum refining and minerals processing operations. DABS currently sells power to registered (with the tax 
authorities) industrial enterprises in Balkh for US$0.158/kWh, while unsubsidized gas will likely cost US$130 – 
175/MCM. If gas is available at US$150/MCM, consumers of 8,000 kWh of electricity can install 10 MW of 
reciprocating engine capacity and produce electricity in-house for less than the price charged by DABS, likely 
saving 20 percent or more.  Consequently, this report projects demand from large industrial enterprises such 
petroleum refining and minerals processing in Chapter 3, which covers demand for direct gas use. 
 

4.4 Agricultural Industry 
4.4.1 Irrigation 

 
The Central Statistics Office of Afghanistan (CSO) reports that Afghanistan has 2.1 million hectares of irrigated 
crops. The provinces of Balkh, Jawjzan and Sari Pul have 220,000 hectares under irrigation, while Kunduz has 
another 200,000 hectares.  
 
The amount of electricity required to operate irrigation systems varies greatly depending on a number of 
variables. A key variable is the topography of the area, which determines the amount of pumping required 
versus gravity feeding. Also important is the sophistication of the structure of the irrigation network. 
Afghanistan’s current irrigation network is both simple (90 percent informally built and managed) and completely 
gravity fed. 4It uses no electricity up to the point of delivery to the farm, and in some locations actually creates 
small amounts of electricity from hydropower.  
 
Some individual farms in Afghanistan do use generators to distribute water across their crops and to pump 
water from local wells. Connecting them to power from the grid would certainly benefit the farmers, saving them 
money spent on fuel for their generators. Nonetheless, the potential amount of electricity used is not meaningful 
from the perspective of a power producer. This leaves only the potential for energy demand from future 
irrigation network improvements in Afghanistan. For this, an analogy is used for energy use in a similar country. 
 
Greece’s farmland has similar topography and climate to Afghanistan. It conducted a study of electricity used by 
its irrigation system over 20 years, concluding that the system consumed on average 471 kWh per hectare per 
year.5 This compares to 2,573 kWh per hectare per year in the state of California in the U.S., where extensive 
pumping is used.6 
 
At the Greek rate of consumption, the current irrigation systems in the Northern provinces noted above would 
consume 200 million kWh of electricity. If this were supplied 100 percent by gas-fired power, it would consume 
120 MCM of gas/day. However, as noted above, simple gravity-fed irrigation systems do not require power. 
Assuming the current system is improved, with installation of pumps, and it uses 25 percent of the power of the 
Greek system per hectare, then 50 million kWh of electricity will be consumed. Assuming 50 percent of this can 
be supplied by gas-fired power in the next 10 – 20 years, it will consume 15 MCM of gas/day. This report uses 
this assumption for future gas demand from existing irrigation networks.  
 

                                                      
4 Afghanistan Research and Evaluation Unit. “How the Water Flows: A Typology of Irrigation Systems in Afghanistan,” 2008.  
http://www.areu.org.af/Uploads/EditionPdfs/811E-Typology%20of%20Irrigation%20Systems.pdf 
5 National Agricultural Research Foundation, Greece, http://www.fao.org/docrep/w4367e/w4367e16.htm 
6 University of California, Agricultural & Resource Economics Update, January 2013. 

http://www.fao.org/docrep/w4367e/w4367e16.htm
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In addition to the current irrigation system, a number of system expansions have been considered over the last 
decade. The Ministry of Energy & Water provided an overview of three major projects under consideration in a 
report titled, “Impact of Irrigation in northern Afghanistan on Water Use in the Amu Darya Basin.” Following are 
excerpts from that report: 
 

Lower Kokcha Irrigation and Hydropower Project 
 
The implementation of phase I of this project was started before 1980 but due to war the 
physical works were stopped. Detailed design as well as technical and economic studies 
of this project were carried out with the assistance of ex-USSR experts. From 2004 to 
2009, a new feasibility study has been completed taking into account new socio-economic 
and environment requirements. At present, preparations are under way to tender the 
detailed studies of the project which include the following services and works: 

• Provision of sufficient water to irrigate 96,000 ha of existing agricultural land; 
• Provision of sufficient water to irrigate 37,000 ha of new land; 
• Installation of a 42 MW hydropower plant and provision of electricity for pump 

irrigation and to neighboring villages; 
The project will be implemented in phases with the rehabilitation of 96,000 ha tentatively 
scheduled to be completed by 2016, and the irrigation of the 37,000 ha of new land by 
2020. 

 
Kelagay Irrigation and Hydropower Project 
This project is located on Kunduz River, one of the tributaries of Amu Darya in Baghlan 
Province. It was also studied and designed in with the technical and financial help of ex- 
USSR experts in the Seventies and Eighties. Recently, a fresh feasibility study 
considering all new requirements was conducted. Major features of this project are as 
follows: 

• Reliable irrigation water supply to 43,250 ha of existing agricultural land 
• Provision of reliable irrigation water supply to 25,365 ha of new irrigable land 
• Hydropower generation with a 60 MW plant 

 
Upper Amu or Lower Panj Irrigation and Hydropower Project 
The proposed site of this project is located on Amu Darya in Kunduz province. This project 
is in its initial planning stage and the exact area to be irrigated is not yet determined. It is 
estimated, however, that the potentially irrigable area exceeds 500,000 ha of existing and 
new land, and that the installed hydropower capacity may reach up to 1,000 MW. The 
expected irrigated area to be developed within the coming 10 years is about 215,000 ha. 

 
Summary  
By 2020, the three planned major irrigation projects would comprise an additionally 
irrigated area of some 200,000 ha. 
 

While the three projects have a combined potential to expand irrigated land by 50 percent in northern 
Afghanistan, all of them also involve a hydropower project. The first two projects include plans for 102 MW of 
capacity. This would not only supply all the power needed by the irrigation systems, but also provide power for 
other purposes. The third project included a hydropower plant so large that it would supply 50 percent of the 
projected power needs for all of Afghanistan. A project of this scope is unlikely to come to fruition. Nonetheless, 
any potential significant expansion of the current irrigation system will also likely include power generation that 
either meets or exceed the needs of the irrigation network.  
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4.4.2 Food Processing & Cold Storage Facilities 
As with petroleum refining and minerals processing, this report assumes food processing and cold storage 
facilities will opt for captive power to produce their own electricity, using the grid as backup. This is not so much 
because of their size, but because these facilities cannot risk losing supply of electricity. Therefore, demand for 
gas for generation of electricity from these facilities is already accounted for in the estimates of demand for 
direct gas use provided in Chapter 3 of this report. If the facilities instead choose to use power from DABS, 
relying on generators for backup, overall demand for gas will be roughly the same. It will simply transfer the 
demand outlined in Chapter 3 to Chapter 4. 

4.4.3 Cotton Ginning & Textile Manufacturing 
 
The cotton industry creates two opportunities for demand for gas and electricity. First, the cotton ginning 
process, and second, textile manufacturing. For either to be significant in scale though, the cotton harvest must 
be substantial. Unfortunately, cotton production in Afghanistan today is quite low. As displayed in Figure 20, 
total production in 1392 (2013) was only 42,000 tons. The industry was eight times larger in the 1980’s, when 
350,000 tons were regularly produced per year. But then output declined as government subsidies were 
reduced and state-owned ginning factories became obsolete and were mostly abandoned. 

Figure 20: Annual Cotton Production in Afghanistan 

 
Source: CSO 

 
If cotton production recovers, and the cotton is processed in Afghanistan instead of exported in raw form, then 
the demand for gas and electricity could be considerable. At its current size though, potential demand is 
negligible. Following are brief summaries of the energy used in ginning and textile manufacturing, including 
prospective demand for gas and electricity from northern Afghanistan’s cotton industry. 
 
Cotton Ginning  
Cotton ginning consumes a range of 44 – 66 kWh per bale depending on the size of the ginning facility. On 
average, the process consumes just over 50 kWh per bale. In addition to electricity consumption, ginning also 
consumes gas to dry the cotton. The amount of gas required depends on the moisture levels of the raw cotton. 
Consumption can range from 0.74 to 3.90 cubic meters of gas per bale.7 
  
There are 4.6 bales of cotton per ton. Thus total cotton production in Afghanistan in 1392 equaled 193,000 
bales. At 66 kWh/bale, if 100 percent of the cotton produced were ginned in Afghanistan, then electricity 
                                                      
7 Siti Imni Ismail. Assessment of Energy Usage for Cotton Gins in Australia. 2009. 
http://eprints.usg.edu.au/19847 
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consumption would total 12.7 million kWh. If 100 percent supplied by gas-fired power, this would require 8 
MCM/day of gas.  Separately, assuming 2.0 cubic meters of gas per bale for drying, direct consumption of gas 
would total 1 MCM/day. Combining the two sources of demand, Afghanistan’s total cotton crop today could 
support at most 9 MCM/day in gas demand for cotton ginning.  
 
It’s assumed that only 2.0 cubic meter of gas per bale will be used for drying due to the low moisture content of 
raw Afghan cotton. A recent publicly-released request for proposal by the Comprehensive Agriculture and Rural 
Development Facility (CARD-F), a GIRoA inter-ministerial organization, provides the following description of raw 
Afghan cotton.8 
 

In the countries where the moisture contents are more than the desired level, the dryers are used 
before the ginning process. Afghanistan is lucky in this respect that its cotton is much cleaner and drier 
than the cotton of other countries, therefore comparatively less cleaning and drying efforts are required 
in the ginning process. 

 
Unfortunately, the current state of cotton gins in Afghanistan is quite poor. USAID commissioned a “Cotton 
Production Assessment” report in 2004. It included a summary of the status of cotton gins in northern 
Afghanistan at that time. Excerpts are provided below.  
 

Currently the Spinzar Gin in Kunduz employs a total of 575 staff. Before 1979, it was common for 
Spinzar cotton gin to process more than 100,000 tons of raw cotton per season. Today, the gin has 
processed less than 500 tons of raw cotton for the current season, far less than what is capable given 
the condition of the factory. The main gin is capable of the ginning of cotton as well as the processing of 
all of the by- products of cotton ginning.  
 
In the past, ginning activities were conducted on an industrial scale throughout Kunduz, with 12 
different branches performing various activities in the ginning process. Today, many of the branches 
have been destroyed and are no longer operational. The main gin in Kunduz has full processing 
capabilities. This includes the ability to process lint cotton, edible oil, hull, seedcake for animal feed and 
soap. Currently, due to a lack of seed cotton, the gin is processing only lint and seed.  
 
There are a total of six generators which can supply power to the cotton gin. Two of the generators 
have capacity of 250 Kw/hour. Of these, only one is in working condition while the other generator 
requires some spare parts. There are three generators, each with a capacity of 400 Kw/ hour. Two of 
these are in working condition while the third one requires some spare parts. Finally, a sixth generator 
has a capacity of 630 Kw/hour and is in working condition.  
 
Currently the generators are being used for common ginning activities whereas they typically would be 
used in case of emergency. Previously, power was sourced from the Khanabad Spinzar Dam. The dam 
was destroyed in 2001 by allied forces during the removal of the Taliban regime. Before its destruction, 
the dam was capable of providing 2,500 Kw/hour of power, enough to supply power for the gin and 
other parts of the city. 

 
Since 2004, a number of efforts have been made to rehabilitate the local cotton ginning industry. First, Spinzar 
was partially privatized in 2009. It is now owned 52 percent by Dagris, a company that is owned by the French 
Government, and 48 percent by GIRoA. Its stated goal is to purchase and gin 10,000 tons per year of cotton, 
equal to 25 percent of the country’s production.  
 

                                                      
8  http://www.acbar.org/files/downloads/RFA%20model%20ginning%20Final%2004032014%20AM+HA+JG.docx 
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Separately, in 2014, CARD-F proposed the construction of a “model cotton ginning facility” in Balkh province. 
The facility would be used both to increase ginning capacity and teach other local gins how to operate more 
efficiently and produce higher quality ginned cotton. According to CARD-F, there are currently 35 cotton 
processing facilities (3 large, 13 medium and 19 small-scale) in Balkh Province. Combined, they process less 
than 1,000 tons per year of cotton. 
 
This  report assumes that Afghan production will grow by almost 25 percent, to 50,000 tons per year, and that, 
with modest rehabilitation of the gin industry, 40 percent of the cotton produced will be ginned in northern 
Afghanistan. This is a realistic goal only if recent support to the industry is continued. Under these parameters, 
demand for gas from cotton ginning will reach 5 MCM/day (including direct gas use and gas for generation of 
electricity). If the cotton industry does rebound to levels in the 1980’s, demand for gas for cotton ginning could 
increase tenfold from this estimate. 
 
Textile Manufacturing 
The global textile industry produced 60 billion kilograms of fabric in 2008. The energy consumed totaled 1.1 
trillion kWh of electricity, equal to 18 kWh per kilogram of fabric.9 In addition to electricity, the textile industry 
also uses fuels such as natural gas. The share of electricity and fuels depends on the manufacturing process. 
For instance, in yarn spinning, electricity is the primary energy source, whereas in wet-processing the primary 
energy source is fuels. Combined, electricity and fuels represent 5 – 12 percent of textile manufacturing costs. 

Table 7: Textile Manufacturing Cost Ratios in Several Countries 

 
Source: Koç, E.; Kaplan, E., 2007. Fibres & Textiles in Eastern Europe, 2007, Vol. 15, No. 4 (63). 

 
The textile manufacturing industry can be broken down into three general categories: spinning yarn, weaving 
fabrics and finished fabrics production. According to the Journal for Asia on Textile and Apparel, average 
energy consumption for each category is provided below: 

• Spinning cotton yarn requires on average 15kWh per kilogram of fiber.  
• Weaving fabrics requires both direct gas use and electricity. On average, it consumes 4,500-5,500 Kcal 

of thermal energy per meter of cloth and 0.45-0.55 kWh of electricity. Assume one meter of cotton 
fabric weighs 0.5 kilograms, weaving one ton requires approximately 1 MCM of direct gas use and 
1,000 kWh of electricity.  

• While spinning and weaving are both significant consumers of energy, finished fabrics production is not. 
Small and mid-sized facilities consume no more electricity than the average commercial consumer on 
the DABS network today. 

 
In the 1980’s, when cotton production was eight times higher than it is today, Afghanistan had a robust textile 
industry encompassing all three categories, with the largest operations state-owned. In contrast, today the 
state-owned enterprises have either closed completely or operate at a fraction of their capacity. With limited 
                                                      
9 Coral Rose, “CO2 Comes Out of the Closet,” GreenBiz, September 23, 2007, http://www.greenbiz.com/blog/2007/09/23/co2-comes-
out-closet 
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processing capacity, not only has cotton production decreased, but most of the remaining production is 
exported as raw cotton. This leaves little in the way of raw material supply for the textile industry. Consequently, 
the textile industry in Afghanistan today consists mostly of small-scale finished products production.  

Figure 21: Textile Manufacturers in Afghanistan by Category 

  
Source: Afghanistan Investment Support Agency 

 
In 2013, the Afghan Investment Support Agency prepared a report titled “Investment Opportunities in Textile & 
Clothing Industry of Afghanistan,” in which it describes the decline of the textile industry in Afghanistan, and its 
current state. It also provides data on the now defunct Balkh Cotton Textile Enterprise. Excerpts are provided 
below: 
 

In the 1980s, Afghanistan was producing 350,000 MT of cotton annually; Lint cotton used by local 
textile mills and large quantities of cotton exports significantly contributed to foreign exchange earnings 
in Afghanistan. The then Government of Afghanistan had established giant textile mills in Kabul, 
Kandahar, Helmand, Herat, and Balkh. There were also significant numbers of private textile 
enterprises operating in the provinces of Nangarhar, Herat, Helmand, and Balkh.  
 
Due to decades of conflict and negligence for the industry, the annual cotton production has since fallen 
dramatically; CSO estimates put cotton production at 36,300mt in 2012-13. The contributing factor to 
the reduction in textile production is the lack of cotton processing factories in the country and the export 
of unprocessed cotton to regional countries. 
 
80 percent of the businesses are operating in fabric production. Most of these firms however, are small-
scale units with limited production capacity. Production of fabrics such as scarves, turbans, traditional 
woolen hats, and shawls for domestic market are among the main products manufactured in the east of 
Afghanistan. In the central and northern parts of the country we observe inclination of textile businesses 
towards cotton processing and thread/yarn manufacturing for rug and carpet industry. 

 
Balkh cotton textile enterprise, a public company was built in two phases. The first phase was 
completed in 1346/1967 while second phase in 1356/1977. It covers an area of 11 hectares. The 
production capacity and number of machines utilized in manufacturing of plain & dyed fabric is in the 
Table 7. Currently, the factory is not in operational; an estimated cost of US$ 2 Million is required to 
make the factory operational. 
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Table 8: Balkh Cotton Textile Enterprise Capacity 

 
 Source: Afghan Investment Support Agency 
Small-scale finished products producers are already accounted for in Chapter 4.1 of this report (which includes 
small commercial enterprises). Meanwhile, all large-scale spinning and weaving operations today are either 
abandoned or operating at a fraction of their capacity. As a consequence, unless the cotton industry is 
revitalized in Afghanistan, demand for gas for spinning and weaving will remain near zero. Without any 
supporting evidence that the cotton industry is about to rebound in Afghanistan, this report makes that 
assumption. 
 
Nonetheless, it’s important to note the potential for gas demand if the industry recovers. For example, even if 
raw cotton production doesn’t increase, but the ginning, spinning and weaving industries are rehabilitated, 
20,000 tons/year of cotton (assuming 50 percent of raw cotton production) could potentially be spun into yarn 
and weaved into fabric. The spinning would require 300 million kWh to process 20,000 tons of the cotton into 
yarn. If 100 percent of this were supplied by gas-fired power, then 190 MCM/day of gas would be required.  The 
weaving would require 55 MCM/day of direct gas use and 20 million kWh of electricity, which if provided by gas-
fired power would require 12 MCM/day of gas. Total demand for gas from spinning and weaving would be over 
250 MCM/day.  
 
If cotton production starts to grow, and returns to anywhere near its former size in the 1980’s, then cotton 
ginning and textile manufacturing could become one of the largest consumers of gas in northern Afghanistan.   
 

5 Total Demand for Gas from All Sources 

This chapter presents the total potential demand from all consumers in northern Afghanistan as outlined in 
Chapters 3 and 4 of this  report. Potential demand is then briefly compared to the evolution of gas demand in 
regional neighbors, such as Pakistan and Bangladesh. 
 

5.1 Total Potential Gas Demand in northern Afghanistan 
Total potential demand is estimated at over 11,000 MCM/day in the next 10 to 20 years, including demand from 
Kabul. Excluding Kabul, demand drops roughly 60 percent, to over 4,600 MCM/day. Of this, almost 2,900 
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MCM/day comes from demand for direct gas use in northern Afghanistan. Besides the pipeline to Kabul, the 
biggest potential consumer of direct gas use is the minerals refining industry, namely iron ore. Demand for gas 
for electricity totals almost 1,800 MCM/day. 
 

Table 9: Total Potential Gas Demand in northern Afghanistan 

 
 

5.2 Gas Demand in Neighboring Countries  
Pakistan  
Gas consumption tripled between 1991 and 2011, with each sector growing through 2006. However, as seen in 
Figure 22 below, consumption in basic industries, such as fertilizers, only increased marginally. Meanwhile in 
more complex consumers, such as industrial and transportation (CNG) grew dramatically as the industry 
matured and supply increased.  
 
Power also grew through 2006, but then contracted due to overall gas supply shortages forcing the government 
of Pakistan to reduce supply to the power sector in favor of industry and domestic (residential) use.  In 2011, 
power represented 25 percent of demand. Residential and commercial customers represented 20 percent; 
industry also represented 20 percent. Fertilizer fuel and feedstock represented 15 percent. CNG represented 10 

MCM/Day % of Total *
Direct Gas Use

Feedstock
NFPP 340 7%
Methanol or Other Feedstock Consumer 600 13%

Industrial Processes
Gas Processing & Transportation 500 11%
Oil Refineries 125 3%
Minerals Refining & Steel Plants 825 18%
Glass Factory 100 2%
Cold Storage 15 0%

Compressed Natural Gas 81 2%
Residential & Commercial (via LDNs) 300 6%
Pipeline to Kabul 6,720
Subtotal Potential Demand for Direct Gas Use 9,606
Excluding Kabul Market 2,886 62%

Gas as Fuel for Generation of Electricity
Residential, Small Enterprises & Public Institutions 1,625 35%
Military & Police Instillations 120 3%
Agricultural Use 20 0%
Subtotal Potential Demand for Gas for Electricity 1,765 38%

Total Potential Demand 11,371
Excluding Kabul Market 4,651 100%

* Percentages Exclude Kabul to Compare the Northern Afghanistan alone to Other Regions
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percent. Finally, unaccounted for gas grew throughout the period, representing 10 percent of production by 
2011, as Pakistan’s underpricing of gas forced it to curtail reinvestment in infrastructure. 

Figure 22: Historical Pakistani Gas Consumption by Sector, 1990-2011 

 
Source: Oil & Gas Regulatory Authority of Pakistan 

 
Bangladesh 
Gas consumption quadrupled between 1992 and 2011, with each sector growing. As with Pakistan, 
consumption in basic industries, such as fertilizers, only increased marginally. Meanwhile in more complex 
consumers, such as industrial, captive power (an industrial application), and CNG grew dramatically as the 
industry matured and supply increased.  
 
Unlike Pakistan, Bangladesh’s power sector continues to grow, but this is from a much smaller base. In 2011, 
power represented 35 percent of demand. Residential and commercial customers (including tea estates, etc.) 
represented 15 percent. Industry (including captive power) represented 30 percent. Fertilizer represented 15 
percent. Finally, CNG represented 5 percent, as the industry is in the earlier stages of development relative to 
Pakistan.  

Figure 23: Historical Bangladeshi Gas Consumption by Sector, 1992 and 2011 

 
                    Source: Petrobangla 
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6 Natural Gas Pricing Analysis 

Afghanistan’s oil and gas industry is currently in transition. Historically, both upstream and midstream 
operations have been state-owned and operated, relying on international donors like the Soviet Union, which 
had helped develop and pay for infrastructure in previous years. Pricing has not been based on analysis of 
sustainable cost recovery and reinvestment, instead it’s been based on marginal production costs. Production 
has also been focused on sweet and very low sulfur sour gas that involved no costly desulfurization or sulfur 
recovery. 
 
Today donors are dramatically decreasing contributions just as wells and infrastructure reach the end of their 
useful lives, while at the same time, much of the remaining gas is high in sulfur and will require processing. 
Moving forward, Afghanistan must charge a price that is sustainable, based on the costs of exploration, 
development, production, gathering, processing (including desulfurization and sulfur recovery), and 
transportation. Moreover, when private operators are involved, such as through EPSCs, a reasonable return on 
investment must also be incorporated into the price. 
 
Following are discussions on both AGE’s method for pricing gas historically and what prices are required to 
sustain and increase gas supply in northern Afghanistan as it moves forward. 
 

6.1 Historical Prices and Costs for AGE 
In the 1970s and 1980s, Afghanistan supplied on average 2.4 BCM of gas per year to the Soviet Union. Pricing 
was generally below other markets at the time, but the Soviets provided the upfront capital to explore and 
develop the gas fields. They also provided below-market loans to Afghanistan, charging 2 percent interest as 
part of a larger agreement. Even after adjusting for all the factors, the actual price is still difficult to quantify. All 
exports, including to the Soviet Union, ceased in 1989, leaving northern Afghanistan as AGE’s only market over 
the last 25 years. 
 
As outlined in Chapter 2 of this report, AGE has recently charged only nominal prices for gas supplied to 
consumers in northern Afghanistan. NFPP pays only US$34/MCM, while residential and commercial consumers 
in Sheberghan pay even less, paying on a fixed fee per-connection basis. These prices are well below the fully 
loaded sustainable costs of upstream and midstream operations.  They’ve been possible only because AGE 
leveraged sunk costs, kept maintenance to a minimum, and reinvested nothing back into sustaining operations. 
AGE has managed their upstream, processing, transportation operations, and costs in the following manner: 
 
Upstream Operations & Costs 
Neither AGE nor its sister Sheberghan-based MoMP subdirectorate Oil and Gas Survey, have paid for or 
conducted any upstream exploration in over 25 years (please note that all current reserves were previously 
discovered). As production continues without new exploration, reserves are being depleted. This has been 
sustainable only due to low production levels, but will not be possible over the long-term if Afghanistan desires 
to fully develop its gas industry.  
 
AGE has not invested any of its own capital in upstream development in decades, with donors paying for and 
outsourcing 100 percent of recent development projects at Gerquduq and Yatimtaq. Other than the donor-
funded rehabilitation and drilling of wells, AGE has focused its efforts at continuing production from wells drilled 
in the 1980’s and earlier. Many of these wells, especially those at Khoja Gogerdak, are now reaching the end of 
their lives and watering out. Below is a chart showing historical annual production at Khoja Gogerdak, which 
was as high as 3,000 MMCM in the 1970’s. It is currently producing only 50 MMCM/year, and is expected to 
cease production in the next year or two. 
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Figure 24: Historical Production from Khoja Gogerdak Wells:  

 
 
Meanwhile, AGE has not incorporated donor-funded or any other historical upstream costs into its pricing 
analysis. As outlined in the Sustainable Pricing section below, upstream exploration and development of new 
resources are expected to cost US$40/MCM today. This does not include operator profit or “government take,” 
both of which must be added in an EPSC. In effect, AGE ignores all upstream exploration and development 
costs, treating them as sunk costs that do not need to be recovered.  
 
Processing Operations & Costs 
The Soviets built a 6,000 MCM/day sour gas processing facility at Gerquduq; however, it was shut down in 
1988 and is now obsolete and no longer salvageable. Over the last 25 years, AGE has focused on producing 
gas that requires no desulfurization. (Although it should be noted that the gas provided to the city of 
Sheberghan is not sweet; it is sour gas that should be processed.) AGE has not incorporated any expense for 
gas processing into its pricing. 
 
According to a report prepared by Hill International in 2005 titled “Evaluation of Investment Options for the 
Development of Oil and Gas Infrastructure in Afghanistan,” the Gerquduq Processing Plant was: 
 

…used for only 8 years and, except for the liquid separation units, the plant has been shut 
down since 1988. In particular, the Diethyl Amine scrubbing facility for the removal of 
hydrogen sulfide is being by-passed and sulfur-containing gas is being piped partly to Kud 
Bergh and partly to the city of Sheberghan. The Gerquduq plant was designed to process 
6 million M3 per day (or about 210 million cubic feet per day (MMcfd)) of sour gas. The 
plant facilities comprise of separators and heat exchangers for removal of water and 
hydrocarbon condensate, and a unit for removal of sulfur dioxide (H2S) gas using a diethyl 
amine wash. 
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TFBSO recently purchased and donated new compressors, dehydration equipment, and an amine unit that is 
capable of processing gas from two of the new wells at Yatimtaq. AGE does not have the capacity to operate it 
and therefore must outsource management of the facilities, which will likely cost US$5 million/year. AGE is in 
the early stages of requesting funding from the Ministry of Finance for this, but there is no indication that it will 
look to recover the above costs through gas pricing to current customers. Instead, it hopes to charge a higher 
price to prospective IPP customers, which will justify the investment in outsourced management of the gas 
processing facilities.  
 
Transportation Operations & Costs 
AGE’s transportation infrastructure includes local gathering lines, distribution lines in Sheberghan and Mazar-e-
Sharif, and a larger trunk line between Sheberghan and Mazar-e-Sharif. All were built over thirty years ago, and 
AGE recognizes no expenses associated with them, nor does it include in its pricing any amount for 
rehabilitation or replacement of lines as they reach the end of their lives. The local gathering lines are still 
serviceable, but the distribution lines need replacement. The Mazar-e-Sharif distribution network has already 
been shut down and is not salvageable. The Sheberghan network is operational, but it has been reported leaky 
and nearing the end of its life.  
 
TFBSO recently funded the only major reinvestment in transportation infrastructure in the last twenty five years, 
rehabilitating the old trunk line from Sheberghan to Mazar-e-Sharif. It also purchased new pipe to replace the 
line in the future. As with other donor-funded projects, AGE does not take these costs into account in calculating 
gas pricing.   
 
Total Costs 
As shown in Table 11 below, AGE’s revenue from gas sales averages only US$3.8 million per year and from 
these proceeds, it spends on average US$1.7 million on salaries. Most notably, it spends on average only 
US$0.3 million on lubricants, spare parts, supplies and consumables; it recognizes less than US$0.1 million on 
depreciation. Its fixed asset register also shows that it has not invested anything in capital equipment (which 
would be recognized in “Structures and Fixed Assets”).  
 
With these minimal revenues and expenses, AGE was tasked with managing, developing, processing, 
transporting, and distributing 75 BCM of gas reserves for Afghanistan. At a market price of US$150/MCM, the 
reserves would generate US$11 billion in revenue. The organization is clearly not operated with the intention of 
sustaining current minimal production or managing assets of this size. In large part, this is because AGE does 
not charge a price for gas that would allow it to reinvest in development of the reserves and required 
infrastructure. 
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Table 10: AGE Balance Sheet Years 1388-1391 (Afghanis, US$1 = 55 Afghanis) 

 
Table 11: AGE Profit and Loss Statement 

 
 

6.2 Sustainable Prices Moving Forward 
Moving forward, gas prices must incorporate all of the costs required to both sustain and grow production if 
Afghanistan is to fully benefit from its sizeable gas resources. This includes all elements of upstream and 
midstream operations, as summarized in the following figure. 
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Figure 25: Gas Processing Schematic 

 
 
Full development of 75 BCM of reserves (plus additional prospective resources) requires significant upfront 
investment and expertise, neither of which GIRoA has. Therefore, it has decided to transition its hydrocarbons 
industry from state control to private enterprise. In 2012, it began partnering with private oil and gas companies 
through EPSCs to develop its hydrocarbons resources.  
 
Meanwhile, AGE will continue to manage select gas fields near Sheberghan, but it will also look to private 
enterprise to support it as it becomes corporatized. For starters, it plans to outsource management of the 
recently donated gas processing amine unit. As higher sulfur gas is developed, a midstream industry needs to 
be established to include management and cost recovery of more robust gas processing infrastructure. 
 
Current Structure of the Gas Industry in Afghanistan 
AGE is 100 percent state-owned and is responsible for production, processing, transportation, and sale of gas 
from designated fields in Sheberghan area. However, neither it, nor MoMP’s other Sheberghan-based agency, 
OGS, have conducted substantive exploration activities in decades.  Additionally AGE has not reinvested in 
production or processing of gas. GIRoA is now developing plans for the corporatization of AGE, and has 
decided to allocate the majority of acreage to outside of a select few fields to EPSC’s with IOCs. 
 
Recently signed EPSCs have IOCs responsible for all exploration, development & production costs. IOCs will 
have the freedom to sell their share of gas as they please, as long as the transaction is made at “arm’s length.” 
GIRoA receives royalties, profit shares, and taxes that totals 65-70 percent of projected profits. 
 
The midstream gas processing industry has yet to develop in Afghanistan. AGE needs to outsource 
management and operations of the new amine unit recently acquired by TFBSO. This unit is sufficient to 
process gas from two recently rehabilitated wells at Yatimtaq, but larger sulfur recovery facilities are required for 
Jurassic reservoirs. IOCs can build and own gas processing facilities or sell to midstream processors. Most 
would prefer the latter option, focusing their efforts on upstream exploration and development. Creation of a 
public-private partnership between GIRoA and a private sector gas gathering/processing firm is being 
considered. The business would gather gas and process gas from all fields in the Sheberghan area on a 
commercial basis, either purchasing and re-selling the gas or providing services for a fee.  USAID has proposed 
funding GIRoA’s initial minority equity position with a US$60 million grant. 
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What is a Sustainable Price? 
First, one must understand the following key dynamics affecting the gas industry in Afghanistan today.  

• There is a big difference between the marginal cost of producing one unit of gas after exploration and 
development costs are sunk and the fully loaded cost to ensure sustainable development.  

• Sweet gas is much less expensive to produce and process than sour gas. Unfortunately for 
Afghanistan, the majority of remaining reserves are sour gas. 

• Full-scale gas processing facilities appropriate for current reserves in northern Afghanistan cost 
between US$200 – 300 million to build.  

• As detailed below, EPSC’s require upstream operators to pay royalties, profit shares, and taxes to 
GIRoA. This increases the price they must charge for gas.  

• AGE has been supplying NFPP gas at US$34/MCM by producing from sweet gas wells (that are 
depleting fast) and not charging enough to reinvest in sustaining production. 

 
A sustainable price must be sufficient to: 

• Rehabilitate old wells, most of which are over 30 years old and have not been maintained. 
• Develop and maintain a reservoir management plan. 
• Develop new wells in known fields, most of which have too few wells to deplete reserves. 
• Explore for new gas fields to sustain reserve levels. 
• Maintain and operate gas production facilities. 
• Process gas, including initial capital, maintenance, and operating expenses. 
• Transport gas, including initial capital, maintenance, and operating expenses.  
• When private operators are involved, provide a risk-adjusted return on capital for all of these activities. 

 
Table 13 below summarizes each of the component costs of exploring for, developing, producing, processing, 
and delivering gas to an industrial buyer in northern Afghanistan under an EPSC. Over 60 percent of costs are 
reflected in upstream operations, including US$75/MCM in profit for GIRoA and the private operator. Processing 
represent 30 percent of costs (assuming 80 percent of gas requires processing), with pipeline transportation 
costs (for regional, in-country lines) representing only 5 percent of total costs.  
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Table 12: Sustainable Price for Gas in Afghanistan under EPSC 

 
Source: Author’s detailed financial models for each EPSC in Afghanistan to date 

 
At US$130 - $175/MCM, production can expand and be sustained for 30+ years. The lower figure of US$130 
reflects lower government profit than recent deals (50 percent vs 70 percent). At these levels, revenue will be 
sufficient to support upstream (including new exploration) and mid-stream operations. Although high relative to 
historical unsustainable prices charged to NFPP, this price compares favorably to US$300+/MCM for imported 
gas in most neighboring countries, including Pakistan, India, China, and Tajikistan. 
 
AGE could sell gas for notably less depending on desired government profit on upstream operations. Removing 
all government and operator profit on upstream operations would allow the price to drop to US$100/MCM while 
still being sustainable (assuming AGE builds capacity to manage operations more robustly). Nonetheless, the 
days of US$34/MCM gas in Afghanistan are coming to an end because it’s not sustainable under any measure.  
 
What Happens to AGE Production with No Reinvestment? 
There have been recent claims that processed gas can be sold to industrial buyers for $80/MCM or less.  As 
outlined above, this is not possible on a sustainable basis. Production would decline rapidly, for the following 
reasons: 

• No money will be available for well rehabilitation, development of known fields, or exploration for new 
fields to replenish reserves. 

• Current production capacity will drop 30 percent in the next five years as current wells lose pressure 
and all production from Khoja Gogerdak wells cease in the next couple years. 

• No money will be available to build and maintain full-scale gas processing facilities. 
• Investors will have no incentive to develop new gas prospects as the price would not justify the required 

investment, so EPSCs on gas blocks will fail. 
Figure 26 below shows the natural decline rates for typical gas wells. As gas is removed from the reservoir, 
reservoir pressure declines. In turn, this decreases the natural flow rate of gas to the surface. The first 
couple years typically see dramatic declines from the initial rate of production. Then production usually 
declines at 4 – 8 percent per year until the wells cease production. 

Cost / MCM
Upstream Operations

Exploration $25
Development $14
Production $6
Government Profit $50
Operator Profit $25
Sub-Total Upstream $120

 Midstream Operations
Gas Processing, Including Sulfur Recovery $40
Transportation $8
Operator Profit $7
Sub-Total Midstream $55

Total Price to Industrial Buyer $175
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Figure 26: Natural Decline Rates on Typical Gas Wells 

 
Source: American Association of Petroleum Geologists 

 
Figure 27 below shows the actual projected decline rate in production from wells currently managed by AGE 
that are tentatively allocated to the pipeline to Mazar-e-Sharif. This includes two recently commissioned wells at 
Yatimtaq that require desulfurization via the amine unit, but does not include production of sour gas from 
Gerquduq that is delivered to the city of Sheberghan. The production is then compared to projected demand 
from just two consumers, NFPP and a proposed 50 MW power plant in Mazar-e-Sharif. As production declines, 
supply is sufficient to meet demand from these two consumers for only five years. Afterwards, new wells and/or 
additional gas processing equipment are required to keep up with demand from these two consumers or any 
other potential consumers. 

Figure 27: Projected Decline Rate in Production from Current AGE Wells 

 

6.2.1 Exploration & Production Sharing Contracts 
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EPSC’s allow governments to partner with private operators, which provide investment capital, take exploration 
and development risks, manage operations, and provide expertise in developing the resources. In exchange, 
the private operators expect to make a reasonable risk-adjusted return on their investment. GIRoA recently 
entered into EPSC agreements on most of the hydrocarbons exploration areas in northern Afghanistan.  
 
A major determinant of the sustainable price of gas is the structure of the EPSC between the upstream private 
operator, referred to as “Contractor” in Figure 28, and GIRoA. Figure 28 outlines the fiscal structure of the 
EPSCs in Afghanistan. First, GIRoA receives a royalty on all sales which ranges from 12 – 15 percent on 
current contracts. Second, the contractor then recovers all of their expenses. Third, the remaining proceeds are 
called “Net Hydrocarbons” and these are divided between the contractor and GIRoA based on a sliding scale.  
GIRoA will receive a larger share of profits as the project becomes more successful. Fourth, the contractor then 
pays income taxes on its share of profits.  
 
In total, GIRoA makes revenue from three primary sources: royalties, profit sharing, and taxes. It also generates 
additional smaller revenues from land rents, but these represent less than 1 percent of overall proceeds. 

Figure 28: EPSC Fiscal Structure 

 
GIRoA has been relatively aggressive in its fiscal regime, demanding a significant share of the overall profits 
from oil and gas development projects. On average, GIRoA is projected to receive 65 – 70 percent of overall 
profits from each EPSC. As outlined in Table 13: Sustainable Price for Gas in Afghanistan under EPSC, 
government profit from EPSCs adds US$50/MCM to the price of gas. 
  
Figures 30 and 31 below show the projected share of profits and yearly cash flow for GIRoA and the contractor 
from the EPSC for the Totimaidan Block. GIRoA is projected to earn almost US$16 billion over the life of the 
project. This represents 68 percent of overall projected profits. The contractor is projected to earn just over 
US$7 billion over the life of the project, but it first must invest and risk over $1 billion in exploration and 
development, and it doesn’t break even until Year 10 of the project. In contrast, GIRoA contributes and risks no 
capital to the project and is therefore cash flow positive even if exploration and development of the project 
completely fails. 
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Table 13: Projected Profit Sharing from Totimaidan Block EPSC ($'000) 

 
 

Figure 29: Projected GIRoA Cash Flow from Totimaidan Block EPSC 

 
 

Figure 30: Projected Contractor Cash Flow from Totimaidan Block EPSC 

 
 
 

Government Take
Royalty Payment 4,086,676
Profit Hydrocarbons Payment 9,738,518
Land Use Rent Payment 29,807
Tax Payment 1,844,212
Total Government Take - $ 15,699,213 68.0%

Contractor Take
Net Cash Flow from Operations & Investment 7,376,740 32.0%
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If GIRoA were to provide more liberal fiscal terms to the upstream contractors in exchange for lower gas pricing, 
the price charged to the midstream operator could conceivably drop US$30 - 40/MCM. However, GIRoA is in 
need of revenue as donors decrease contributions and revenue from EPSC’s is one of the best opportunities for 
GIRoA to fill this gap. Therefore, it is unlikely to offer more lenient EPSC terms on future tenders. 
 
To date, AGE has not operated under an EPSC and contributes only minimal net profits to GIRoA. As a 
consequence, it can supply gas at a much lower price than contractors operating under an EPSC. Furthermore, 
if AGE is properly corporatized, it will have options other than ESPCs for development. These include service 
contracts, farm-outs and joint ventures. These may prove easier for GIRoA to manage than EPSC’s, and may 
lead to lower gas prices as well.  

6.2.2 Wellhead versus Delivered Price 
After all upstream expenses are incorporated, including those associated with EPSC’s, we arrive at the 
“wellhead price.” This is the price for which the upstream operator sells gas to a midstream processing and 
transportation operator. As noted above, upstream prices can be as low as US$40/MCM if a state-owned entity 
can successfully operate the upstream and if it takes no profit for itself or for GIRoA. As history shows, AGE has 
not been successful at sustainably managing upstream operations. Under an EPSC and a private operator, the 
price is likely to be closer to US$120/MCM. 
 
As outlined in the Processing Costs and Transportation Costs sections below, the midstream operator is then 
responsible for processing the gas into pipeline quality gas, most notably removing H2S and other impurities 
from the gas. After processing the gas, the midstream operator transports the gas to the larger industrial buyers 
and local distribution companies (LDCs). They markup the price to recover these costs and realize a reasonable 
return on their investment. Alternatively, the midstream operator may not purchase the gas, but charge fees for 
transportation and processing. 
 
The LDCs manage much smaller distribution lines and sell the gas at retail level to homes and small 
commercial consumers. These consumers must pay a price that incorporates all of the following: (1) the 
wellhead price, (2) the midstream operator’s markup or fees, and (3) the LDC’s mark-up. Larger Industrial 
buyers will often purchase directly from the midstream operator, avoiding costs associated with the LDCs. 

6.2.3 Processing Costs 
With gas processing, one of the most important things to note is that desulfurization plants, for example amine 
units, are relatively inexpensive, but full-scale gas processing facilities including sulfur recovery are not. 
Unfortunately, amine units only have limited application for relatively low sulfur gas. A full-scale gas processing 
plant that is appropriate for the size and sulfur (more specifically, H2S) levels of Afghanistan’s remaining 
reserves will likely cost US$200 – 300 million in upfront capital expenses. This will add approximately 
US$50/MCM to the cost of gas in Afghanistan compared to current delivery of sweet gas.  
 
Current EPSC’s allow the upstream operators to build and operate their own processing plants, as long as they 
are located in the “contract area.” However, it should be noted that there are two downsides to this option. First, 
upstream operators generally want to be in the gas processing business. They prefer to focus their investments 
on upstream exploration, development and production, leaving processing to midstream specialists. Second, 
GIRoA is financially worse off if the upstream operator is forced to build and operate its own gas processing 
facilities since it will “cost-recover” the capital and operating expenses. Under an EPSC, this leads to GIRoA 
paying for approximately 65 percent of the cost of gas processing out of its profits from upstream operations. 
 
Limitations of Amine Units 
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An amine desulfurization plant with 1,200 MCM/day capacity costs only US$5 million in upfront capital 
expenditures. Purely from a volume perspective, six of these plants could satisfy all of the needs to produce all 
the current reserves in Afghanistan over 30 years. However, there are two issues that make this relatively 
inexpensive option unfeasible.  
 
First, amine units are designed to handle relatively low sulfur (H2S) sour gas, usually containing under one 
percent H2S. Known reserves in Afghanistan contain varying amounts of H2S, ranging from zero to 5 percent. 
An example of the limitations of amine units can be seen with the three newly commissioned wells at Yatimtaq, 
all of which contain less than 1 percent H2S: 
 

• Yatimtaq 38: 0.074 percent H2S (740 ppm) – this level of H2S can be processed by the recently 
acquired amine unit. 

• Yatimtaq 45: 5.80 percent CO2, and 0.1044 percent H2S (1,044 ppm) – this level of H2S can also be 
processed by the amine unit. 

• Yatimtaq 47: 0.69 percent H2S (6,900 ppm) – this level of H2S would require an additional dedicated 
larger scale amine unit. 

 
Second, the sulfur would have to be flared into the atmosphere. With the majority of the remaining gas reserves 
containing H2S levels of greater than 1 percent, this would be a massive amount of sulfur in the atmosphere. It 
is unlikely that the National Environmental Protection Agency would, or should, allow this. Full-scale gas 
processing facilities, including sulfur recovery, save the operator from having to flare sulfur, but they are 
exponentially more expensive to build and operate. With sulfur recovery, the operator can either convert the 
sulfur to its elemental form and sale it or reinject it into the reservoir.  
 
Stages in the Production of Pipeline-Quality Natural Gas and NGLs  
The American Gas Association provides a succinct description of gas processing requirements. Following are 
excerpts from literature available at Naturalgas.org: 

The number of steps and the type of techniques used in the process of creating pipeline-
quality natural gas most often depends upon the source and makeup of the wellhead 
production stream. In some cases, several of the steps shown may be integrated into one 
unit or operation, performed in a different order or at alternative locations, or not required 
at all. Among the several stages of gas processing/treatment are:  

 
A) Gas-Oil Separators: In many instances pressure relief at the wellhead will cause a 
natural separation of gas from oil (using a conventional closed tank, where gravity 
separates the gas hydrocarbons from the heavier oil). In some cases, however, a multi-
stage gas-oil separation process is needed to separate the gas stream from the crude oil. 
These gas-oil separators are commonly closed cylindrical shells, horizontally mounted 
with inlets at one end, an outlet at the top for removal of gas, and an outlet at the bottom 
for removal of oil. Separation is accomplished by alternately heating and cooling (by 
compression) the flow stream through multiple steps. Some water and condensate, if 
present, will also be extracted as the process proceeds.  
 
B) Condensate Separator: Condensates are most often removed from the gas stream at 
the wellhead through the use of mechanical separators. In most instances, the gas flow 
into the separator comes directly from the wellhead, since the gas-oil separation process 
is not needed. The gas stream enters the processing plant at high pressure (600 pounds 
per square inch gauge (psig) or greater) through an inlet slug catcher where free water is 
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removed from the gas, after which it is directed to a condensate separator. Extracted 
condensate is routed to on-site storage tanks.  
 
C) Dehydration: A dehydration process is needed to eliminate water which may cause the 
formation of hydrates. Hydrates form when a gas or liquid containing free water 
experiences specific temperature/pressure conditions. Dehydration is the removal of this 
water from the produced natural gas and is accomplished by several methods. Among 
these is the use of ethylene glycol (glycol injection) systems as an absorption* mechanism 
to remove water and other solids from the gas stream. Alternatively, adsorption* 
dehydration may be used, utilizing dry-bed dehydrators towers, which contain desiccants 
such as silica gel and activated alumina, to perform the extraction.  
 
D) Contaminant Removal: Removal of contaminates includes the elimination of H2S, 
carbon dioxide, water vapor, helium, and oxygen. The most commonly used technique is 
to first direct the flow though a tower containing an amine solution. Amines absorb sulfur 
compounds from natural gas and can be reused repeatedly. After desulphurization, the 
gas flow is directed to the next section, which contains a series of filter tubes. As the 
velocity of the stream reduces in the unit, primary separation of remaining contaminants 
occurs due to gravity. Separation of smaller particles occurs as gas flows through the 
tubes, where they combine into larger particles which flow to the lower section of the unit. 
Further, as the gas stream continues through the series of tubes, a centrifugal force is 
generated which further removes any remaining water and small solid particulate matter.  
 
E) Nitrogen Extraction: Once the hydrogen sulfide and carbon dioxide are processed to 
acceptable levels, the stream is routed to a Nitrogen Rejection Unit (NRU), where it is 
further dehydrated using molecular sieve beds. In the NRU, the gas stream is routed 
through a series of passes through a column and a brazed aluminum plate fin heat 
exchanger. Using thermodynamics, the nitrogen is cryogenically separated and vented. 
Helium, if any, can be extracted from the gas stream in a Pressure Swing Adsorption 
(PSA) unit. 
 
F) Methane Separation: The process of demethanizing the gas stream can occur as a 
separate operation in the gas plant or as part of the NRU operation. Cryogenic processing 
and absorption methods are some of the ways to separate methane from NGLs.  
 
G) Fractionation: Fractionation, the process of separating the various NGLs present in the 
remaining gas stream, uses the varying boiling points of the individual hydrocarbons in the 
stream, by now virtually all NGLs, to achieve the task. The process occurs in stages as 
the gas stream rises through several towers where heating units raise the temperature of 
the stream, causing the various liquids to separate and exit into specific holding tanks.10  

 

                                                      
10 Sources are compiled from information available at the following Internet web sites:  
American Gas Association (http://www.naturalgas.org/ naturalgas/naturalgas.asp) 
Environmental Protection Agency (http://www.epa.gov/ttn/chief/ap42/ch05/final/c05s03.pdf) 
Cooper Cameron Inc. (http://www.coopercameron.com/cgi-bin/petreco/products/products.cfm?pageid=gastreatment) 
AdvancedExtractionTechnologies, Inc. (http://www.aet.com/gtip1.htm#refriglean) 
SPM-3000 Gas Oil Separation Processing (GOSP) (http://www.simtronics.com/ catalog/spm/spm 3000.htm) 
Membrane Technology and Research, Inc.(http://www.mtrinc.com/Pages/NaturalGas/ng.html#). 
 

http://www.epa.gov/ttn/chief/ap42/ch05/final/c05s03.pdf
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Figure 31: Gas Processing Schematic

 

Capital Expenses Associated with Full-scale Gas Processing Plants 
ICF International, an oil and gas consultancy, estimated in 2011 that in the U.S. alone, equivalent to 32,500 
MMcfd or 900,000 MCM/day in new gas plant capacity is required by 2035. It estimated US$700,000/MMcfd in 
average capital costs, including for less expensive facilities used to process sweet gas requiring no 
desulfurization or sulfur recovery. Since 2011, costs in the industry have increased 15 – 20 percent.  

Figure 32: ICF International Projections of Gas Processing Infrastructure in U.S. 

 
 Source: ICF International 
 
Oil & Gas Journal reported that 60 plants have been built in the U.S from 2012 through 2014 as its gas industry 
expanded quickly.  Clearly, successful development of a natural gas industry requires associated development 
of a gas processing industry. 
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Figure 33: Worldwide Gas Plant Construction Comparison 

 
Source: Oil and Gas Journal 
 
Table 15 below outlines the capital costs and capacity of 15 recently announced gas processing plants in North 
America that are of similar size to a likely plant in northern Afghanistan. The average North American plant cost 
US$1.4 million/MMcfd, but this includes plants of varying complexity, with costs ranging from US$0.5 – 2.0 
million/MMcfd.11  
 
No two plants are the same, making it difficult to estimate actual costs in advance in the absence of a full 
feasibility study. For example, cryogenic gas plants focus on ethane recovery and are appropriate for some gas 
fields. They cost notably less than other full gas processing plants, averaging US$0.5 - $1.0 million/MMcfd in 
North America, versus US$1.2 – 2.0 million for more robust facilities. Furthermore, publicly disclosed costs are 
often broken down between the actual gas processing plant and “related infrastructure,” which can include 
gathering lines, further processing of condensates, storage, and facilities. As noted in the excerpts in the table 
below, related infrastructure can sometimes cost as much as the gas processing plant, especially when large 
amounts of condensates are associated with the gas. 
 
While construction labor and permitting costs are much lower in Afghanistan than North America, this is offset 
by higher security and logistics costs. North America also benefits from readily available materials and expertise 
that allows for quicker construction timelines and saving money. In the absence of a feasibility study, an Afghan 
gas processing plant is estimated to cost US$1.0 – 1.8 million/MMcfd. This leads to a total cost of US$200 – 
360 million for a facility with a design capacity of 200 MMcfd. However, it may be possible to build a smaller 
facility based on lower supply and demand over the next decade and then scale the facility later as the gas 
market develops. 
 

                                                      
11 US data used due to lack of publicly available data in countries near to or similar to Afghanistan.    

http://www.ogj.com/articles/print/volume-111/issue-6/special-report--worldwide-gas-processing/rapid-north-american-shale-gas-development.html
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Table 14: Capital Costs and Capacity of Gas Processing Plants in North America 

 
 

Location Plant Capacity 
MMcfd Company Cost $ 

(MM)
Cost / 
MMcfd Year Excerpt Source

Dunn County, 
ND

Bear 
Creek 80 ONEOK 130-190 2.0 2016

The Bear Creek natural gas processing plant, an 80-MMcf/d facility, 
and related infrastructure are expected to cost approximately $265 
million to $375 million and be completed during the second quarter 
2016, and include: $130 million to $190 million for the construction of 
the Bear Creek natural gas processing plant; and $135 million to 
$185 million for the construction of related natural gas and NGL 
infrastructure.

1

Campbell 
County, WY Bronco 100 ONEOK 130-190 1.6 2016

The Bronco natural gas processing plant, a 100-MMcf/d facility, and 
related infrastructure are expected to cost approximately $215 million 
to $305 million, and include:$130 million to $190 million for the 
construction of the natural gas processing plant;$45 million to $60 
million for construction of a 65-mile, 10-inch NGL pipeline, and $40 
million to $55 million for the construction of related natural gas 
infrastructure.

2

Williams 
County, ND Stateline II 100 ONEOK 135-150 1.4 2013

Oneok also began operating its $135-150 million, 100-MMcfd natural 
gas Stateline II gas plant. It is the third new gas processing plant 
Oneok has completed in the Williston basin since late 2011, joining 
the 100-MMcfd Garden Creek and 100-MMcfd Stateline I plants, 
increasing its processing capacity in the region to 390 MMcfd from 
90 MMcfd in 2011.

3

Watford City, 
ND

Garden 
Creek I 100 ONEOK 150-210 1.8 2011

The Garden Creek Plant, a 100 million cubic foot per day natural gas 
processing facility, is estimated to cost between $150 million and 
$210 million.  

4

Watford City, 
ND

Garden 
Creek II 100 ONEOK 160 1.6 2014

Oneok Partners is building Garden Creek II, a $160 million project 
that will increase capacity at the complex to 200 MMcfd from 100 
MMcfd. The expansion is to be completed in third-quarter this year. 
Garden Creek III will add another 100 MMcfd by early 2015.

5

Watford City, 
ND

Garden 
Creek III 100 ONEOK 160 1.6 2015

Garden Creek III is estimated to cost approximately $160 million and 
is expected to be completed in 2015. Like the first two plants, 
Garden Creek III will have a processing capacity of 100 million cubic 
feet per day

6

Beckville, TX 150
Enbridge 
Energy 

Partners LP
140 0.9 2015

IEnbridge plans to build a 150-MMcfd cryogenic natural gas 
processing plant, estimating the cost of the project at $140 million. 
Construction began later in the year and is to be completed for start-
up by early 2015.

7

Web County, 
TX Reveille 200 HEP 100 0.5 2013

The company will construct a cryogenic natural gas plant that will 
process 200 million cubic feet of gas per day. In addition, the 
company has begun construction on an import and export logistics 
railroad hub for oil field related services and products, including 
condensate and natural gas liquids. The total cost of the projects is 
approximately $100 million.

8

Wise County, 
TX

Barnett 
Shale 200 Targa 150 0.8 2013

Targa Resources Partners LP, Houston, has ordered a 200 MMcfd 
cryogenic natural gas processing plant for its North Texas System to 
meet increasing gas production from liquids-rich areas of the Barnett 
shale. Targa expects the new cryogenic plant to cost $150 million.

9
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Arthur Hidnay and William Parrish wrote Fundamentals of Gas Processing (CRC Press, 2006). It includes a 
chapter on estimated capital expenses associated with building a gas processing plant, broken down by 
components necessary to process the gas. All of the estimates were based on 1999 and 2002 data, so they 

Oklahoma Canandian 
Valley 200 ONEOK 340-360 1.8 2014

In April this year, Oneok Partners LP, Tulsa, completed its 200-
MMcfd gas processing plant. Cost for the Canadian Valley plant and 
related infrastructure in the Cana-Woodford shale in Oklahoma was 
about $340-360 million, said the announcement.

10

Mahoning 
Country, Ohio 200

NiSource 
Midstream 
Services

150 0.8 2013

NiSource Midstream Services LLC plans to spend $150 million to 
build a 200-MMcfd cryo gas plant in Mahoning Country, Ohio, as part 
of the $300 million Hickory Bend project that will include a gathering 
system for production.

11

McKenzie 
County, ND

Demicks 
Lake 200 ONEOK 330-430 1.9 2016

The Demicks Lake natural gas processing plant and related 
infrastructure are expected to cost approximately $515 million to $670 
million and include:$330 million to $430 million for the construction of 
thenatural gas processing plant; and $185 million to $240 million for 
the construction of related natural gas infrastructure, including natural 
gas gathering pipelines and natural gas compression.

12

McKenzie 
County, ND

Lonesome 
Creek 200 ONEOK 320-390 1.8 2015

The plant will cost roughly $320 million to $390 million, and when 
complete, the Lonesome Creek facility will be the largest operated in 
North Dakota by Oneok Partners.

13

Stephens 
County, OK Knox 200 ONEOK 240 1.2 2016

Company officials say the construction will cost up to $240 million 
while related infrastructure will require up to an additional $230 
million. Total project cost is expected to be up to $475 million.

14

Poza Rica, 
Mexico 200 Pemex 214 1.1 2011

Mexico’s Pemex initiated this week the construction of a 200m cu 
ft/day cryogenic plant in the Poza Rica gas processing complex at a 
cost of $214m (€152m), a Pemex source said on Tuesday.

15

Average: 1.4

Sources
1 http://www.areadevelopment.com/newsitems/9-22-2014/oneok-partners-natural-gas-processing-facilities-north-dakota-wyoming893893.shtml

2 http://www.areadevelopment.com/newsitems/9-22-2014/oneok-partners-natural-gas-processing-facilities-north-dakota-wyoming893893.shtml

3 http://www.investorvillage.com/smbd.asp?mb=5028&mn=30970&pt=msg&mid=12918154

4 http://www.braunintertec.com/0/projects/north% 20dakota/OilGas/Garden% 20Creek% 20Gas/Garden% 20Creek% 20Gas% 20Plant.docx

5 OGJ Online, Apr. 10, 2013

6 http://ndenergynotes.blogspot.com/2013/05/psc-approves-oneoks-garden-creek-iii.html

7 http://www.ogj.com/articles/print/volume-112/issue-6/speical-report-worldwide-gas-processing/new-expanded-capacities-return-us-canada-to-global-lead.html

8 http://www.howardenergypartners.com/news/howard-energy-partners-to-construct-200-million-cubic-feet-per-day-natural-gas-processing-plant

9 http://www.ogj.com/articles/2011/10/targa-to-build-barnett-shale-natural-gas-processing-plant.html

10 http://www.ogj.com/articles/print/volume-112/issue-6/speical-report-worldwide-gas-processing/new-expanded-capacities-return-us-canada-to-global-lead.html

11 http://www.investorvillage.com/smbd.asp?mb=5028&mn=30970&pt=msg&mid=12918154

12 http://www.prnewswire.com/news-releases/oneok-partners-to-invest-605-million-to-785-million-to-construct-new-demicks-lake-natural-gas-processing-facility-
and-related-infrastructure-in-north-dakota-that-will-help-reduce-natural-gas-flaring-in-the-state-269268361.html

13 http://www.thebakken.com/articles/425/oneok-partners-to-build-7th-bakken-natural-gas-plant

14 http://www.marlowreview.com/html/publish/news/475_million_gas_processing_plant_announced.shtml

15 http://www.icis.com/resources/news/2009/08/18/9240972/pemex-starts-cryogenic-plant-construction-source/
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must be adjusted for inflation of approximately 60 percent. Nonetheless, it provides another benchmark for 
estimating capital costs for a plant in Afghanistan.  
 
Hidnay and Parrish estimate the costs of an amine unit depending on the amount of sulfur levels presented at a 
given reservoir. In Figure 34 below, they estimate a 200 MMcfd amine facility capable of processing 5 percent 
sulfur costing US$7 million, but adjusting for inflation today, will equal US$11 million. This includes only capital 
equipment, not installation or site preparation. 

Figure 34: Hidnay and Parrish Estimated Capital Costs in 1999 

 
Source: Hidnay  and Parrish 

 
As noted earlier, desulfurization via an amine unit is relatively inexpensive. However, Figure 35 below shows 
their estimate of a claus sulfur recovery unit with and without tail gas cleanup. For a 200 MMcfd facility, the cost 
is estimated at US$40 million, including tail gas cleanup. This equals US$64 million after inflation and includes 
only the cost of equipment, not installation and site preparation.  
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Figure 35: Claus Sulfur Recovery Unite Without Tail Gas Cleanup 

 
Source: Hidnay, A., and Parrish, W. (2006) Fundamentals of Gas Processing. London: CRC Press 

 
Costs for condensate (NGL) extraction vary widely, depending on the types and quantities of condensates. 
Figure 36 below shows a range of US$20 – 75 million for a 200 MMcfd facility. Taking the middle range and 
adjusting for inflation leads to an estimate of US$75 million today.  

Figure 36: Costs of Condensates in 1999 

 
Source: Hidnay, A., and Parrish, W. (2006) Fundamentals of Gas Processing. London: CRC Press 

 
The three units described above cost US$150 million after adjusting for inflation. The authors go on to note that 
labor costs for installation of equipment costs an additional 25 percent and that other items and contingencies 
cost an additional 25 – 40 percent. This leads to an estimated cost of US$225 – 250 million for a 200 MMcfd 
facility, which is in the middle range of the estimated that is provided above using recent North American 
facilities to compare with. 
 
Projected Gas Processing Costs / MCM in Afghanistan 
Following is a brief analysis of the fully loaded cost of processing gas in Afghanistan, including capital and 
operating costs. This is assuming that the plant includes desulfurization and sulfur recovery facilities that are 



SGGA                                                                                                                              March 7, 2015 

Gas Feasibility Study Update           Page 58 of 112 
 

constructed and operated by private investors. Again, to calculate the costs with better precision, a full feasibility 
study is required.  
 
The analysis assumes 50 percent of current reserves are produced over 25 years, averaging 4,110 MCM/day. 
As outlined in Section 3 – 5 of this report, total local demand in northern Afghanistan is projected reach 4,600 
MCM/day in the next 10 – 20 years. Assuming US$1.4 million per MMcfd of capacity, the upfront capital 
expense for the gas processing facility is estimated at US$275 million.  Supporting infrastructure is assumed at 
only US$25 million, given limited amounts of condensates, and therefore limited additional processing, 
transportation, and storage requirements.  
 
Maintenance and variable costs are relatively low, based on low average labor rates; therefore, natural gas 
used in operations comprises the largest contributor to variable costs.12  The plant will likely consume 4 – 5 
percent of gas processed to generate power and operate the facilities. This is approximately 200 MCM/day, 
which is sufficient to operate a 40 MW dedicated power plant. 
 
Depreciation is assumed at 25 years on a straight line basis, although for tax purposes, more aggressive 
depreciation may be allowed. Income taxes are calculated at the current rate of 20 percent in Afghanistan. If a 
value added tax is implemented in the future, this will increase estimated costs.  Total operating costs, not 
including cost of capital, are estimated at US$27/MCM.  
 
Given that a private operator is assumed, it must be compensated for investing and risking its capital. A project 
of this scale will likely be financed in large part with debt, with ADB (ADB) and International Finance Corporation 
(IFC) as potential lenders. The analysis assumes lenders provide 60 percent of the capital, charging 9 percent 
annual interest. The remaining 40 percent is provided by the private operator, which expects to earn a 16 
percent annual return on its investment. This leads to a weighted average cost of capital (WACC) of 11.8 
percent for the project, which adds US$24/MCM to the cost of gas processing.  
 
The total cost of gas processing charged to the buyer is therefore estimated at approximately US$50/MCM. If 
GIRoA were to receive donor funding for construction of the plant, use AGE to operate it, and chose not to cost 
recover the investment (neither through depreciation charges or cost of capital), then it could conceivably 
charge buyers only for the maintenance and variable costs of US$22/MCM. However, it would first need to build 
an expertise at running the plant at AGE. Most importantly, it would not be creating a sustainable gas 
processing industry since it wouldn’t be charging enough to reinvest in new facilities as this plant eventually 
wears out and is decommissioned.  

                                                      
12 Average labor rates include calculations that foreign operators will be needed to manage facilities while Afghans currently lack 
sufficient operational capabilities for independent management. 
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Table 15: Example Table of Total Costs / MCM on Average per Production/Year 

 
Source: Author’s Estimate 
 
Potential Value of Condensates Offsetting Gas Processing Costs 
Although gas processing is expensive, it also has the potential to create incremental value through extraction of 
condensates. Most of gas production today in Afghanistan is from dry gas with little to no condensates. 
However, gas from Gerquduq produced small but meaningful amounts of condensates in the past. The 
Sofregaz 2005 report noted nearly 100 kilotons of condensate was recovered at the Gerquduq field from 1981-
1988. At US$70/barrel, this would be worth US$5 million today.  

Total Production Over 25 Years
Size of Reserves, Incl. Juma/Bashikurd (MCM) 75,000,000        As per 2005 Gustavson Report
% of Reserves Produced over 25 Years 50% Assumes significant reinvestment in upstream
Total Production (MCM) 37,500,000        
Average Production/Year (MCM) 1,500,000          
Average Production/Day (MCM) 4,110                

Capacity Requirement
Maximum Annual Production, as % of Reserves 2.43%
Maximum Annual Production (MCM) 1,825,125          
Maximum Daily Production (MCM) 5,000                Projected local demand, excluding Kabul & exports
Converted to Millions of Cubic Feet / Day (MMcfd) 177                   For comparison purposes with US facilities

Gas Processing Facilities Capex (US$ Millions)
Capex of Processing Facility per MMcfd Capacity $1.4 Based on recent plants, with limited condensates
    Converted to MCM/Day Capacity $49.4
Facility Size (MCM/Day) 5,556                Assuming 90% capacity utilization at peak production
Processing Facility Capex $275
Supporting Infrastructure $25 Assuming limited condensates
Total $300

Gas Processing Facilities Opex
Maintenance Costs, as % of Total Capex 2.5%
Variable O&M, per MCM $10 Including natural gas used in operations
Depreciation Rate, Years 25                     Straight-line
Weighted Average Cost of Capital (WACC) 11.8% 60/40 Debt/Equity, 9% interest rate, 16% Equity IRR

Pricing (US$ Millions)
Maintenance Costs $7.49
Variable O&M Costs $15.00
Depreciation Expense $11.99
Taxes $5.47
Subtotal Operating Costs $39.95 Before Cost of Capital
   Operating Costs / MCM $26.63 Using average production/year

Cost of Capital $35.36 Based on WACC
   Cost of Capital / MCM $23.58 Using average production/year

Total Costs $75.31
Total Cost / MCM $50.21 Using average production/year



SGGA                                                                                                                              March 7, 2015 

Gas Feasibility Study Update           Page 60 of 112 
 

 
Following is an example of the value of condensates and other products removed from condensate-rich gas in 
the Eagle Ford formation in the U.S. It shows that at a price for gas of US$3.57 per million British Thermal Units 
(MMBTU), or approximately US$125/MCM, the gas processor generates more revenue from condensates 
(US$696,398) than from pipeline quality gas (US$607,853). While it is unlikely that any Afghan gas will contain 
similar quantities of condensates, production from new wells has the potential to contain meaningful quantities 
of condensates that will justify separation and sale. 

Table 16: RBN Energy Analysis of Eagle Ford Condensate Values 

 
 

 
 

 
 

6.2.4 Transportation Costs 
The single greatest expense in transporting gas is the upfront capital expense associated with building the 
pipeline. ICF estimates installed pipeline costs approximately US$90,000 per inch‐mile in the U.S. However, 

Table #1
(a) (b) (c) (d) (e) (f)

Cu. Ft/lb mole 379.482     ft3 gas/ Gross 
BTU/ Gal gal liquid BTU /ft^3

1 Methane 6.4170          59.14          16.91       1,010              
2 Ethane 65,897       10.1230        37.49          26.68       1,758              
3 Propane 90,875       10.4280        36.39          27.48       2,497              Model developed by RBN Energy, LLC

4 Normal Butane 102,950     11.9330        31.80          31.45       3,237              January 21, 2013

5 Isobutane 98,924       12.3860        30.64          32.64       3,229              www.rbnenergy.com

6 Pentanes+ 110,020     13.7210        27.66          36.16       3,978              
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Table #2
A B C D E F G H

Available estimated Liquids Liquids % Feed Gas
Compound Mol% GPM Gal/day % recovery Gal / Day BBL/D Liquids BTU

1 Methane 82.57          13.96            2,792,500  0% -                  0 834               
2 Ethane 9.15            2.44               488,168     90% 439,351          10,461                   50% 161               
3 Propane 3.07            0.84               168,725     99% 167,037          3,977                     19% 77                 
4 Normal Butane 0.99            0.31               62,262       99% 61,639            1,468                     7% 32                 
5 Isobutane 1.06            0.35               69,195       99% 68,503            1,631                     8% 34                 
6 Natural Gasoline 2.06            0.74               148,968     99% 147,478          3,511                     17% 82                 
7 Inerts (N, CO2) 1.10            
8 Total 100.00       18.65            3,729,817 884,009          21,048                   100% 1,220            
9 Inlet Volume (MMCFD) 200 4.69                4.42                       

 

     
     

                                          
                                                                                      
                                                                                    

                                                                         
                                                                         

                                                                     
                                             

       

            

  
   

                                      
                                                                                      
                                                                            

                                                                                
                                                               

                                            
                                 

    

 

 

 
  

Liquids Quantities for Eagle Ford Sample #1

                    

  

 

 
 

         
   

                                         
                                              
                                                   

                                               

                                              
                                            

 

 
   

                                                         
                                                                            
                                                                                

                                                                                     
                                                                                    

                                                                                 
              

                                                            
                                         

Table #3
I J K L M N O P Q

Residue Residue % of CF Residue Residue BTU Value
Compound Gal / Day MMCF/D in Residue GPM Gross HV of NGLs Inlet Outlet

1 Methane 2,792,500  165.1400      98.8190     998.07            Voume MCF/d 200,000        167,114        
2 Ethane 48,817       1.8300          1.0951       0.2921     19.25              28,952                   MMBTU/MCF 1.220            1.020            
3 Propane 1,687          0.0614          0.0367       0.0101     0.92                15,180                   Volume MMBTU/d 243,937        170,458        
4 Normal Butane 623             0.0198          0.0118       0.0037     0.38                6,346                     
5 Isobutane 692             0.0212          0.0127       0.0041     0.41                6,777                     Inlet BTU/d
6 Natural Gasoline 1,490          0.0412          0.0247       0.0089     0.98                16,226                   Outlet NGLs/d
7 Total 2,845,808  167.1136      100.0000   0.3190     1,020.01         73,479                   Outlet BTU/d
8 Srinkage Volume (MMCFD) 32.8864     Balance 0

Table #4 Natural Gas Processing Value Calculation - Eagle Ford Example - Sample #1
A B C D E F G H I

Product Net Value
Compound $/Mmbtu Cnts/gal Less T&F $/gal Value $/day Inlet Outlet Per Day

1 Methane 3.566 10.0            Voume MCF/d 200,000                 167,114        
2 Ethane 3.77            24.8               14.8            0.14813   65,079$          MMBTU/MCF 1.220                      1.020            
3 Propane 9.05            82.3               72.3            0.72250   120,684$        Volume MMBTU/d 243,937                 170,458        
4 Normal Butane 15.91          163.8            153.8          1.53750   94,771$          Price/MMBTU 3.57$                      3.57$            
5 Isobutane 17.87          176.8            166.8          1.66813   114,272$        Value/d 869,881$               607,853$     
6 Natural Gasoline 19.50          214.5            204.5          2.04500   301,592$        
7 Total 696,398$        (869,881)$              607,853$     434,371$      
8 2.25 Ethane Rejection Value 

 

 

 
  

      

           Table #3 - Residue Gas from Eagle Ford Sample #1

243,937
(73,479)

(170,458)

Product Prices Gas Value

Gas Value
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labor rates and land easement fees are exponentially higher in the U.S. than in Afghanistan, leading to a total 
installed price of US$40,000 - $60,000 per inch mile for relatively flat terrain in Afghanistan.  
 
The cost of physical pipe fluctuates depending on steel prices, logistics, and current supply and demand. Costs 
can range from US$20,000 – 30,000 per inch mile. A 28 inch pipe spanning 60 miles from Sheberghan to 
Mazar-e-Sharif totals US$33 – 50 million for the physical pipe alone (delivered). Adding all other expenses, 
including labor and compression, the line would cost a total of US$84 million (at US$50,000 per inch mile). 
Assuming the pipeline is used to deliver 2,000 MCM/day over 25 years, the upfront capital expenditure would 
equal just under US$5/MCM of gas delivered.  
 
Operating costs of a pipeline consist of oversight, maintenance (including pigging), and security. Relative to 
upfront capital costs, they are nominal. Including the above and providing a return on investment to the 
transportation company, the cost of transporting gas from Sheberghan to Mazar-e-Sharif is estimated at US$10 
– 12/MCM. However, given that TFBSO donated the physical pipe, AGE can lower the price to US$8/MCM if it 
chooses not to cost recover the donated pipe. 
 
Building a 315 mile pipeline over the Hindu Kush Mountains from Sheberghan to Kabul would cost significantly 
more than the estimates provided above. ADB consultants Fichtner estimate US$125,000 per inch mile in 
capital costs, including compression. However, offsetting these higher upfront costs, Fichtner estimated that a 
24 inch line could deliver 6,700 MCM/day. Under these assumptions, over 25 years, the upfront capital 
expenditure would equal just under US$17/MCM of gas delivered. Adding operating costs and return on 
investment, the cost of transporting gas from Sheberghan to Kabul is estimated at US$75/MCM. 
 

6.3 Retail Distribution Costs 
A LDN was built in the 1970’s in northern Afghanistan to supply the cities of Sheberghan, Aqcha, and Mazar-e-
Sharif. However, the network is antiquated and only the Sheberghan network is still functional. Even that 
network suffers from leaks, a lack of meters, and poor revenue collections. For a robust residential gas market 
to form, significant reinvestment is required, and will most likely include the complete reconstruction of the 
network with new pipelines. This must also be combined with more sustainable gas pricing that allows for 
maintenance and reinvestment in both distribution and upstream activities to feed the distribution network. 
 
Following is a brief overview of the economics of local distribution in the U.S. and an analysis of potential costs 
and resulting sustainable end-user pricing in northern Afghanistan. This includes a summary of a recent 
analysis by Unicon, along with commentary on their key assumptions. The analysis concludes that a private 
investor would find neither the economics nor the scale of the opportunity to be attractive given the required 
upfront capital expenditures in building the distribution pipeline network. This is potentially the only segment of 
the gas industry in Afghanistan that requires donor funding to make it viable, specifically for construction of the 
distribution network. Alternatively, AGE could subsidize the construction of the network through profits from gas 
sales to other consumers paying full price. However, this could create both distortions in demand and budgetary 
distress for GIRoA. Both Pakistan and India are now trying to reduce subsidies and raise residential rates for 
these very reasons. 
 
Comparing U.S. Costs to Prospective Afghanistan Costs 
In the U.S., transmission and distribution costs represent approximately half of end-user prices. As seen in 
Figure 37 below, this equals US$6/MCF, or US$210/MCM. Subtracting the cost of transmission from wellhead 
to the city gate, distribution represents approximately US$160/MCM.  
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Figure 37: Residential Gas Prices in the U.S. 

 
         Source: Energy Information Administration, 2008 
 
However, distribution costs in the U.S. are much different than for northern Afghanistan. To estimate costs in 
northern Afghanistan, one must adjust for variable in the following key components: 

• The cost of distribution pipeline construction.  
• The cost of capital. 
• Operating expenses of the distribution company. 
• The number of households connected to the network. 
• The amount of gas consumed by each household. 

 
The cost of pipeline construction is comprised of four items: materials, labor, right-of-way, and miscellaneous 
expenses. In the U.S., this averages US$50,000 - $85,000/inch/mile for pipes under 8 inches in diameter, as 
shown in Table 18 below.  

Table 17: Small Pipeline Costs by Major Component 

 
Source: Using Natural Gas Transmission Pipeline Costs to Estimate, Hydrogen Pipeline Costs, Nathan Parker, Institute of Transportation Studies 
University of California, 2004. 
 
Surprisingly, the overall cost for pipelines has not increased much over the last 15 years, with yearly 
fluctuations based on material costs, driven by steel prices, and supply and demand of labor, as shown in 
Figure 38 below. (Note that Figure 38 covers for all pipelines in the U.S., most of which are larger than 
distribution lines. Therefore, materials represent a larger percentage of overall costs.) 
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Figure 38: Yearly Fluctuations in Major Pipeline Component Costs 

 
Source: Int. J. Oil, Gas and Coal Technology, Vol. 4, No. 3, 2011 

 
The projected cost of distribution pipelines in Afghanistan should be adjusted for lower labor rates and right-of-
way fees, which will be offset by higher material expenses due to logistical challenges of importing bulky 
materials into Afghanistan. It is reasonable to assume that materials will cost 25 percent more than in the U.S, 
labor will cost 40 percent less (possibly even lower if AGE provides personnel), miscellaneous expenses remain 
the same, and right of way fees cost 50 percent less (assuming existing network routes are used). 13 
 
Table 19 below calculates the net effect on costs, which drop by 24 percent to approximately US$250,000/mile 
for a 6 inch distribution pipeline. This equals approximately US$42,000 per inch mile, which is also 24 percent 
lower than the US$54,000 estimate used by Sofregaz, which in turn was also used by Unicon. Sofregaz 
appears to have used international averages without making adjustments for local conditions.  
 
Significant savings in upfront pipeline network capital investment costs will be reflected in annual depreciation 
expenses for an LDC in northern Afghanistan. However, this will be offset by much higher “cost of capital,” for 
both debt and equity, in Afghanistan than the U.S. The industry is mature in the U.S., and most LDCs are 
regulated, providing relatively steady cash flow to investors. WACC is 6 – 8 percent. The cost for an LDC in 
Afghanistan would likely be 11 – 13 percent. The net effect of lower capital expenditures combined with higher 
WACC leads to an 8 percent higher overall annual cost for both constructing and financing an LDN in 
Afghanistan than in the U.S. 

                                                      
13 25% higher material costs are based on recent experiences with EPSCs and the TFBSO pipeline project. 40% less labor costs are 
estimated based on 60% less wages for Afghan skilled labor vs US labor and then add 20% for foreign expert advisors/managers. It 
should be noted that actual figures could vary substantially on how the project is managed and the percentage of the project staffed by 
Afghan labor.  This report estimates a 50% right of way fee due to lack of historical precedent for a more precise figure in this area and 
indications from experience that Afghans that will require some fee.   
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Table 18: Projected Distribution Pipeline Costs in Afghanistan 

 
Source: Author’s Estimate 

 
Operating expenses of the distribution company are likely lower in Afghanistan than in the U.S. due to lower 
employee labor rates. Unfortunately, operating expenses in Afghanistan must be amortized over smaller sales 
volumes, as discussed in more detail below. Sofregaz estimates operating expenses will average US$70 per 
residential customer per year. At US$0.5 MCM/year in consumption, this equals US$140/MCM to cover 
operating expenses. Unicon estimates a similar amount as detailed below under “Unicon Analysis of LDC in 
northern Afghanistan.”  
 
The number of residences connected to the network depends on population density in the area where the 
network is built. Parts of central Mazar-e-Sharif are relatively densely populated, but most of the city is only of 
moderate density. Sheberghan is even less densely populated. The connection rate is also affected by the 
number of residences that opt to connect to the network. Many residences in northern Afghanistan are not 
currently set up to consume natural gas and would face switching costs to change over from wood fuel or LPG. 
Overall, the number of residences potentially connected to the network is relatively low in northern Afghanistan. 
Unicon ran two scenarios, with connection rates increasing annually over 11 years, reaching 25 percent and 50 
percent market penetration. 
 
Most importantly, the potential amount of gas consumed by each residence in northern Afghanistan is 
significantly lower than the U.S. The average LPG consumption per month in urban areas of northern 
Afghanistan is only about 10 Kg (according to a recent Unicon survey). Using LPG consumption rates and 
overall GDP per capita, Sofregaz estimated that consumption per residence would average only 0.5 MCM/year. 
On an energy equivalency basis, this is 3x the average consumption of LPG. This would cost the residence 
US$250/year at an end-user price of US$500/MCM. The consumption rate per residence in the U.S is four 
times higher, at 2.1 MCM/year, as seen in Figure 40 below (which shows U.S. consumption in MCF). On a per 
unit basis, this dramatically increases the cost of delivering gas in northern Afghanistan versus the U.S. 

U.S. Adjustment Afghanistan
Materials $46,086 25% $57,608
Labor 182,299 -40% 109,379
Misc 65,610 0% 65,610
Right of Way 36,519 -50% 18,260
Total 330,514 -24% 250,856
Cost / Inch 55,086 41,809

Depreciation Rate 5% 5%
Yearly Depreciation / Inch $2,754 -24% $2,090

WACC Rate 7% 12%
WACC / Inch $3,856 30% $5,017

Depreciation + WACC / Inch $6,610 8% $7,108

6" Distribution Pipeline Costs - U.S. vs Afghanistan (US$)
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Figure 39: Average Consumption per Residential Customer in the U.S. 

 
 
To summarize projected local distribution costs in northern Afghanistan versus the U.S., the cost of pipeline 
construction is 24 percent lower, but this is completely offset by higher costs of capital, leading to a net capital 
cost that is 8 percent higher in Afghanistan. Lower operating expenses have a marginal effect, while relatively 
low connection density rates likely offset them. Before taking the average consumption rate into account, costs 
in northern Afghanistan appear roughly the same as the U.S. on a per unit basis. However, average 
consumption in northern Afghanistan is only 25 percent that of the U.S. This alone quadruples the cost per 
MCM of gas delivered. With U.S. distribution costs of US$160/MCM, costs in northern Afghanistan would equal 
US$640/MCM. It’s simply a case of delivering one fourth the volume through a system that costs roughly the 
same to build and operate. 
 
Northern Afghanistan’s Local Distribution Network 
The analysis above assumes a completely new distribution network to be built in northern Afghanistan, using 
existing rights-of-way. It may be possible to rehabilitate or otherwise leverage the sunk costs of existing (mostly 
defunct) networks.  The actual cost of reconstruction of a LDN requires a full feasibility study to determine if 
current network can be rehabilitated (doubtful given age and history of leaks). This is beyond the scope of this 
report. 
 
There are 100 kilometers (60 miles) of trunk lines supporting local distribution in northern Afghanistan.14 The 
lines, described below, total 880 inch miles. Using the estimate above of US$42,000 per inch mile, replacement 
cost would be US$37 million. Below shows the costs within each city: 

• Baba Dehqan gas pipeline – 6 and 4 inches, 13 km length, for transferring gas to Sheberghan City. 
• The Khawaja Du Koh District pipeline of Gerquduq – 10 inches, 41 km length, for transferring gas from 

Gerquduq to Sheberghan City and Khawaja Du Ko District.  
• Gerquduq factory pipeline – 4 inches, 3.5 km length, for residential area of Gerquduq. 
• Khoja Gogerdak gas pipeline – 32 inches, 28 km length, for transferring of gas to Aqcha District. 

                                                      
14 AEAI. “Feasibility Report on Industrial Development and Natural Gas Market Development in Afghanistan.” 14 
May 2013. 
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• The pipeline from ‘28 km Gas Pipeline Point’ on the way to Aqcha – 6 inches, 13 km length, for 
transferring gas to Aqcha route.  

 
Figure 40: Pipeline Supporting Local Distribution 

 
Source: AEAI Final Feasibility Report on Industrial Development and Natural Gas Market Development in Afghanistan 
 
These lines then connect to the LDNs. Sofregaz provided a summary of the Mazar-e-Sharif network, which is 
now defunct: 
 

A schematic of the Mazar-I-Sharif distribution system is shown below. As can be seen 
there are approximately 125 district regulators which supply gas to around 20,000 
domestic consumers. The City Gate station has only a filtration and venting facility with no 
metering facility. There are no meters either at district regulators or at individual consumer 
points. The district regulators appear not to conform to any known international standard 
and do not incorporate over pressure protection devices such as slam shut valves or 
pressure relief valves. Photographic evidence suggests that the regulators are active 
monitor, i.e. in the event of the main pressure reduction valve failing there is a monitor 
over-ride that maintains safe pressure conditions. Gas consumption for customers is 
estimated on the basis of the number of burners each property has and a flat charge rate 
is applied. 
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Figure 41: Sofregaz Schematic of Mazar-e-Sharif Distribution Network 

 
Source: Sofregaz 
 
Projected Costs to Replace LDN 
A feasibility study is required to determine the required length of a new Mazar-e-Sharif network that would 
satisfy potential demand given growth of the city since the original network was built. Assuming the existing 
network completely requires replacement and expansion, 1,200 inch miles may be required. This would cost a 
total of US$50 million using the estimated costs provided above. Combined with replacement of the supporting 
trunk lines, initial capital expenditures would total US$87 million before rehabilitation of the smaller Sheberghan 
network. Including Sheberghan, the total cost to build a local distribution network serving both cities is likely to 
cost US$100 million or more.  
 
Analysis of End-User Residential Cost/MCM Assuming New LDN 
Depreciation and WACC on US$100 million would equal US$17 million/year. Using Unicon’s estimate of 
100,000 households potentially served in the Mazar-e-Sharif and Sheberghan combined, a 50 percent market 
penetration, and US$0.5 MCM/year per residence in gas consumption, total consumption across the two 
networks would equal only 25,000 MCM/year, or 70 MCM/day. This is less than the consumption of a 15 MW 
power plant. Recovering depreciation and WACC of US$17 million over 25,000 MCM/year would equal 
US$680/MCM.   
 
Adding US$140/MCM to cover operating expenses and US$130/MCM for a city gate price of gas, the total price 
charged to the end-user reaches US$950/MCM. Not only is this price too high for residential consumers, but it 
is based on a mature market in ten years. The market is simply too small and the construction costs too high for 
this to be a viable business for private sector investors. Either the current distribution network must be salvaged 
at a cost much lower than complete replacement or donor funds are required to build the infrastructure. 
Otherwise, local distribution networks are not viable in northern Afghanistan given the consumption per 
residence. 
 
Unicon Analysis of LDC in northern Afghanistan 
In 2014, Unicon used Sofregaz data and focused exclusively on developing local distribution networks for the 
cities of Mazar-e-Sharif and Sheberghan. They started with the price consumers would be willing to pay based 
on what they currently pay for LPG. This was calculated at US$612/MCM. Unicon then worked backwards to 
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determine what the city gate price would need to be to make an LDC viable. They concluded that the City Gate 
price must be US$70/MCM to provide a 15 percent internal rate of return (IRR) to the LDC investors. Unicon 
acknowledged that this City Gate price must satisfy all upstream, processing, and transmission costs. As this 
report has shown, US$70/MCM is not a sustainable price. US$130 – 170/MCM is more likely. 
 
Subtracting the City Gate price from the end-user price, Unicon calculated the LDC fee at US$542/MCM. This is 
notably lower than this report’s estimate of US$820/MCM. Unicon used similar operating expenses, 
consumption assumptions, and overall capital expenditure requirements. However, they concluded that the 
capital investment could be spread out over 11 years.  It is not clear how this could be possible, especially in 
Mazar-e-Sharif, unless the current defunct and abandoned network could be rehabilitated inexpensively. 
Nonetheless, by back-loading capital expenditures, Unicon’s estimate for LDC fees dropped dramatically. 

Figure 42: Unicon's Estimate of Capital Expenditure Requirements for LDC 

 
 
Current Subsidy Issues 
Further complicating viability of a private sector LDC: Consumers in Sheberghan currently pay on a fixed fee 
basis that, when converted to volumes averages less than US$34/MCM, and it’s not clear that they are currently 
paying at all. Recent AGE financial reports show revenue that does not appear to include any revenue from the 
LDN in Sheberghan, in spite of volumes of 300 MCM/day being supplied. If a private investor builds a new 
network and charges US$600+/MCM, local consumers will likely object strongly and refuse to pay, even if other 
options are more expensive. Consumers who are used to paying subsidized prices have objected in other 
countries when the prices are raised even 20 percent, never mind 200 percent.  
 

6.4 Price Correlation between Gas Prices for Power Generation & End-User Electricity 
Prices 

As noted in Chapter 4 of this report, there is significant potential demand for gas for power generation in 
northern Afghanistan. For this potential to be achieved, the price of gas must be high enough to sustain gas 
production and processing, while low enough to allow the gas-fired power producer to sell electricity to DABS at 
a price that, in turn, is sustainable for DABS to then re-sell to end-users at a reasonable mark-up.  
 
Following is an analysis of the price correlation between gas prices for power generation and end-user electric 
prices, specifically addressing power plants that are likely to be built in northern Afghanistan. The analysis 
demonstrates that, with sustainable gas pricing in the range of US$130 - $175/MCM (depending on gas 
processing requirements and EPSC terms), an IPP will likely require a price of US$0.08 – US$0.10 cents/kWh 
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for electricity sold to DABS. This falls within the range of acceptable prices for DABS given end-user prices and 
marginal competitive supply options. It is also competitive with other fuels when considering green-field 
projects, such as coal and hydro-power. 
 
All else being equal, an increase of 16.7 percent in the price of gas, from US$120/MCM to $140/MCM, leads to 
end-user price of power increases of only 3 percent for commercial customers and 7 percent for Balkh 
residential customers, assuming DABS passes on the increase to all customers equally. 
 
IPP Economics 
Gas is a major component of overall costs for any IPP, but is less so in Afghanistan than in more developed 
countries. This is true for two reasons: first, an IPP in Afghanistan faces both higher than average capital 
expenditures per megawatt of installed capacity and higher cost of capital. These are caused by diseconomies 
of scale of smaller power plants, logistical challenges of large industrial projects in Afghanistan, and security 
issues. Second, gas prices in Afghanistan are relatively low compared to most countries thanks to its 
indigenous supply of previously discovered reserves. 
 
Table 20 provides a simplified projected income statement for one year for a 200 MW IPP in northern 
Afghanistan at two different gas price-points using US$120 and $140/MCM. The power sale price to DABS is 
then adjusted so that the cash available to equity and debt capital providers (equal to net income plus 
depreciation) is the same. In this scenario, equity investors receive a 17 percent IRR over the life of the project. 
Since gas only represents slightly less than half of the overall costs (when including cost of capital), the required 
sale price to DABS increases only 7.7 percent, from US$76.30/MWh to US$82.15/MWh  (US$0.076/ kWh to 
US$0.082/ kWh), even though the price of gas increased by 16.7 percent.  
 
It should be noted that the net income in the one-year snapshot provided in Table 20 appears too low to provide 
a 17 percent IRR to equity investors. This is because in the year shown, the debt has not been paid off. Over 
time, the net income plus depreciation would be used to pay down the debt, lowering interest expenses, and 
increasing net income and cash available for dividends to equity investors.  
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Table 19: 200 MW IPP Projected Income Statement (US$ millions) 

 
 
The ratio of each cost as a percentage of revenue is shown in Figure 43.  Gas represents 46 percent of overall 
revenue assuming the IPP charges US$0.076/ kWh. Combined, depreciation on the original capital investment 
plus debt and equity “cost of capital” represent 33 percent of overall revenue, with operating expenses 
representing 21 percent. Income taxes represent less than 1 percent of the total, but will increase over time as 
the debt is decreased.  
 
 
 
 

$120 Gas $140 Gas
Capacity (MW) 200 200
Capital Expense / MW $1.5 $1.5
Total Capital Expense $300 $300
Debt @ 60% $180 $180
Equity @ 40% $120 $120

Capacity Factor 85.0% 85.0%
MWh Production / Year 1,489,200 1,489,200
Sale Price to DABS / MWh $76.30 $82.15
Gross Revenue $114 $122
Gas Price Paid to MoMP / MCM $120 $140
Gas Consumption / Year (MCM) 436,000             436,000           
Total Gas Costs $52 $61
    As % of Gross Revenue 46% 50%

   
    

        
     

      
        

   
        

   
        

 
        

   

  
 

   
  
  

  

 
   

      
 

      
                            
  

        
Operating Expenses / MWh $16 $16
Total Operating Expenses / Year $24 $24
    As % of Gross Revenue 21% 19%
Depreciation Period (Straight Line - Years) 15 15
   Depreciation Expense / Year $20 $20
    As % of Gross Revenue 18% 16%
Interest Expense @ 8% $14 $14
    As % of Gross Revenue 13% 12%
Income Taxes @ 20% $1 $1
    As % of Gross Revenue 1% 1%

Net Income $2.46 $2.46
    As % of Gross Revenue 2% 2%

Net Income Plus Depreciation $22.46 $22.46
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Figure 43: 200 MW IPP Projected Revenue Allocation 

 
                    Source: Author’s Estimate 

Although this is a simplified financial model for a complex business, the results are approximately the same as a 
more detailed financial model recently prepared by AEAI for a 200 MW power plant in Sheberghan. Figure 44 is 
a price sensitivity analysis from that financial model. It closely tracks the results of the simplified model provided 
above, and shows that an IPP would require a power price of US$0.076/ kWh at a gas price of US$120/MCM, 
and a power price of US$0.094/ kWh at a gas price of US$180/MCM. It may be prudent to add 5 – 10 percent 
contingency to these estimates. This leads to a likely price of electricity from an IPP of US$0.08 – $0.10/ kWh. 
 

Figure 44: AEAI Financial Model Gas Price Sensitivity Analysis 

 
Source: AEAI 

A separate financial analysis was performed by prospective investors in a smaller IPP using reciprocating 
engines with total capacity of 20 MW. Their analysis lead to a marginally higher electricity price than outlined 
above due to diseconomies of scale. Nonetheless, at a gas price of US$130/MCM, the power pricing required to 
generate a 17 percent equity IRR was still viable for DABS, especially if the electricity was allocated to higher 
paying commercial and industrial buyers in the region. Furthermore, with a higher power price and operating 
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expenses, gas costs for the smaller IPP represent much less than 50 percent of overall expenses. In other 
words, the smaller the plant, the less change in gas prices, which will affect the required power price.  
 
DABS Pricing Capacity: 
As noted in Chapter 4 of this report, gas-fired power at US$0.08 – US$0.10 cents/ kWh is competitive with other 
options for DABS to increase supply on a year-round basis. The fully loaded costs of new coal and hydro-power 
plants are similar, with both costing significantly more in upfront capital expenses and requiring longer to 
construct. It is also competitive with recent Uzbekistan import pricing of US$0.085 cents/ kWh, which suffers 
from transmission losses (driving the effective price higher) and could increase at any time in a given year, as it 
has recently happened.  
 
Furthermore, a local source of power provides DABS with diversification of supply and negotiating leverage with 
other suppliers in the future.  As a result, DABS indicated in recent meetings an ability to pay US$0.08 – 
US$0.10 cents/KWh from an IPP in northern Afghanistan. 
 
Table 21 below shows the current end-user tariffs charged by DABS in northern Afghanistan for each type of 
customer. Except for residential customers who consume relatively low quantities of power, all of the rates are 
higher than the potential price ranges discussed herein for IPP sales to DABS. Accounting for the lower 
residential rates, the blended rate is still sufficient for DABS to sustain its operations. 

Table 20: Current End-User Tariffs in northern Afghanistan (US$/KWh) 

 
Source: DABS 
 
End-User Price Sensitivity: 
Returning to question of price correlation between gas prices and end-user electricity prices, a gas price 
increase of 16.7 percent, from US$120 and $140/MCM, led to an electricity price increase of just under 
US$0.006/ kWh for DABS. If DABS were to simply pass on the incremental cost of such a gas price increase, it 
would increase the price paid by end-users by the following amounts: 

• Jawjzan residential customers – 13 percent, from US$0.044/ kWh to US$0.050/ kWh 
• Balkh residential customers – 7 percent, from US$0.079/ kWh to US$0.085/ kWh 
• Jawjzan commercial customers – 5 percent, from US$0.123/ kWh to US$0.129/ kWh 
• Balkh commercial customers – 3 percent, from US$0.211/ kWh to US$0.217/ kWh 

While gas prices do affect end-user power pricing, a US$20/MCM change would only have a marginal effect, 
especially for commercial customers. This also assumes that DABS fully passes on the price change to all 
customers. More likely, new marginal supply of electricity from an IPP would be allocated mostly to commercial 

Samangan $0.079 $0.211 $0.211 $0.158 $0.211
Balkh $0.079 $0.211 $0.211 $0.158 $0.211
Jowzjan $0.044 $0.123 $0.123 $0.123 $0.123
Sar-e-pul $0.044 $0.123 $0.123 $0.123 $0.123
Faryab $0.044 $0.123 $0.123 $0.123 $0.123

US$1 = 57 AFA

Residential
Unregistered 
Factories & 

Industrial Units

Province

Existing Tariffs

Government 
Administrations

Commercial 
Areas

Registered 
Factories & 
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buyers. This would increase the weighted average price received by DABS and allow it to profitably supply 
power at current rates if gas were sold to the IPP at US$140/MCM or even US$180/MCM. 
 

7 Regional Natural Gas Prices 

Regional gas pricing ranges dramatically, both for internal consumption and for export prices.  
 
Export gas pricing ranges from US$160/MCM to over US$500/MCM and is generally based on four variables. 
The first variable is the cost of gas production and processing. As discussed in Chapter 6 of this report, this 
usually ranges from US$50/MCM for sweet (no H2S) gas produced by state-owned enterprises earning no profit 
to US$175/MCM for sour gas produced by private operators under production sharing contracts.   
 
The second variable is the cost of gas delivery. Transportation generally costs US$15/MCM/1,000 km in the 
U.S., but both a local premium for Central Asia and transit fees (when crossing other countries) must be added 
to this for Afghanistan. Realistically, a local premium of 25 percent should be accounted for to adjust for higher 
costs of capital and challenging logistics. Regarding transit fees in the region, they are rarely made public; 
however, this report uses a proposed Afghan transit fee based on TAPI as a benchmark. These transit fees are 
US$450 million/year on 30 BCM, which equals US$15/MCM for 800 km. Therefore, after adjusting for the local 
premium and taking transit fees into account, a total delivery cost of US$40/MCM/1,000 km is a realistic 
estimate.  
 
All export/import prices below should be discounted by approximately this amount (US$40/MCM/1,000 km) to 
arrive at a netback price received by the seller. For example, for the Turkmenistan – China pipeline, which is 
2,500 km long, transportation and transit fees likely total US$100/MCM of the US$350/MCM that China is 
reportedly paying, leading to a likely netback price for Turkmenistan of US$250/MCM. 
 
The third variable is politics. This is especially true when Gazprom is involved, as discussed in detail below in 
Section 7.1. Politics also plays a part in the ability for one country to secure transit rights through another 
country. Countries that want to export their gas to a specific market will often make it difficult or cost-prohibitive 
for other countries to take market share by transporting gas through their territories. Afghanistan may find this to 
be the case if it attempts to export gas to China via Turkmenistan or Uzbekistan; both current exporters to 
China. In recent TAPI negotiations, Turkmenistan is also looking to prevent Afghanistan from using the TAPI 
pipeline to export Afghan gas. In fact, Afghanistan will be forced to purchase gas from TAPI.15 
 
The fourth and most important variable is what other options the buyer may have. The seller often demands a 
price just below the next best option, again especially when Gazprom is the seller. If the buyer has few or no 
other options, it usually ends up paying a much higher price. 
 
Most long-term export supply contracts are indexed either to: (1) benchmark gas prices in other large gas 
markets and/or (2) crude oil and processed oil product prices. Prices are often adjusted every six months and 
with the recent 50 percent drop in oil prices, many of the gas prices quoted below are likely to drop significantly 
in 2015. 
 
Gas prices for local internal consumption are often much lower than export prices. Many neighboring countries 
to Afghanistan have historically regulated the price of gas below the cost of production, processing, delivery, 
and provided subsidies to offset the difference. Residential and critical industrial consumers tend to receive the 
lowest rates. However, subsidies have proved costly and have also distorted supply and demand in the market. 
                                                      
15 Confirmed in conversations with GIRoA staff. 
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As a result, most countries are now phasing out subsidies and transitioning to sustainable market prices for 
internal consumption along the same lines as export prices. India and Pakistan are prime examples of both the 
dangers of subsidized prices and the path to removing subsidies.  
 
Internal pricing of neighboring countries ranges from the highly subsidized price of US$7/MCM in Turkmenistan 
for residential consumers to over US$700/MCM in Beijing, China, for transportation fuel consumers. Prices 
depend in part on if the country is a net exporter or importer. Net exporters can sustain greater subsidies, 
offsetting them with higher prices for exports. 
 
In reviewing regional gas pricing, this report will start with Russia, the largest exporter of gas, and then China, 
which is the largest importer of gas. Afterwards, the neighboring importers are discussed, which includes 
Pakistan, India, Tajikistan and Kyrgyzstan. To conclude the review, the neighboring exporters will be briefly 
discussed, which includes Uzbekistan and Turkmenistan. 
 

7.1 Russia 
Gazprom is the single largest seller of gas in the world. Its major customers include Russia, Europe, former 
Soviet Republics, and now China. The rationale for its pricing, which varies remarkably, has been opaque and 
rarely correlates to relative cost of production and delivery. Instead Gazprom generally charges whatever it can 
get from the non-Russian buyers based on what the buyers’ other options are. Gazprom leverages control over 
production, transportation, and distribution whenever possible to maximize prices. It also offers lower prices in 
exchange for political concessions between the buyer and Russia. Export prices range from under 
US$200/MCM for a couple ex-Soviet allies to over US$500/MCM for Poland. 
 
For Russian buyers, the Russian government regulates the prices at a fraction of export pricing - generally near 
Gazprom’s costs at US$75 – 85/MCM. Following are commentary and excerpts from recent analyses on 
Gazprom pricing in Europe, the former Soviet Republics, and China.   
 
Gazprom Export Pricing to Europe 
Glenn Kates and Lin Luo of Radio Free Europe provide insight into European gas pricing in a July 2014 article. 
They include a color-coded map showing Gazprom pricing of gas in Europe, along with discussion of the 
rationale behind what initially appears to be random pricing:  
 

West European countries pay less to Gazprom than do poorer Central and East European 
countries. So why do Poland and the Czech Republic pay over $500 per thousand cubic 
meters of gas, while across the border Germany pays less than $400? “Gazprom prices 
according to what the alternatives in those countries are,’ says James Henderson, a 
Russian oil and gas industry expert at the Oxford Institute for Energy Studies. It essentially 
acts as a discriminating monopolist. If it has a significant market share in a country, or if it 
can see that a country has limited alternatives, then it prices accordingly.” 16 

                                                      
16 Glenn Kates and Li Luo, “Russian Gas: How Much Is That?” Radio Free Europe, July 1, 2014, http://www.rferl.org/content/russian-
gas-how-much-gazprom/25442003.html 

http://www.rferl.org/content/russian-gas-how-much-gazprom/25442003.html
http://www.rferl.org/content/russian-gas-how-much-gazprom/25442003.html
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Figure 45: Gazprom Pricing of Gas Color Coded 

 
 

Here are some takeaways: 
-- Some of Europe's poorest countries pay the highest prices for Russian gas. Of the five 
poorest countries in Europe, only Moldova pays below average for Russian gas. 
Macedonia, the fifth poorest European country, according to IMF figures, pays more than 
any other country ($564 per thousand cubic meters). Bosnia-Herzegovina -- where the 
average monthly wage is around one-fifth that in Germany -- pays $515 per thousand 
cubic meters. 
 
-- Some of Europe's richest countries that pay less for Russian gas have also been 
accused of being soft on Russia. Following Russia's annexation of the Ukrainian peninsula 
of Crimea in March and subsequent fighting in Ukraine's east, where Russia has been 
accused of backing separatist fighters, the United States and the EU imposed targeted 
sanctions on Moscow.  But Germany, Austria, and France -- each of which pays less than 
$400 -- have been accused of resisting harsher penalties for Russia.   Germany, 
Gazprom's biggest customer, which in 2013 bought 40 billion cubic meters of gas, has 
been pressured by German industrial leaders to avoid further sanctions. France has 
refused to back out of a multibillion-dollar deal to sell warships to Russia, and Austria, 
which pays $397 per thousand cubic meters, signed a deal in June to construct the 
Austrian section of a Russian pipeline that will bypass Ukraine.  
 
-- The Kremlin uses cheap gas as a major enticement for countries to join its customs 
union. Around the time that former Ukrainian President Viktor Yanukovych opted out of 
signing an Association Agreement with the EU in November, Russian President Vladimir 
Putin tried to win Kyiv over to joining a Russian-led customs union, which currently 
includes Belarus and Kazakhstan. In addition to $15 billion in debt relief, he offered a 
sharp decrease in the amount Ukraine would be expected to pay for gas imports. But if 
gas were really a factor in Ukraine's decision on whether to join the customs union, it 
could have just looked at Belarus, which at $166 per thousand cubic meters pays less 
than any other country. Armenia, which last year abruptly announced its intention to join 
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the customs union, is just behind Belarus -- paying $189 per thousand cubic meters. Both 
countries get all of their natural gas from Russia. 
 
- Other former Soviet states get almost all their gas from Russia -- and pay a lot for it. 
Some of the countries that rely most on Russia for gas are also fiercely critical of Moscow. 
The three Baltic countries -- Latvia, Lithuania, and Estonia -- all of which have been strong 
supporters of Ukraine in the current crisis get 100 percent of their natural gas from Russia. 
Ukraine gets 72 percent from Russia. None of these countries pays less than $416 per 
thousand cubic meters of gas.  
 
-- But unless Moscow wants you in its customs union, political sympathies with Russia 
don't appear to carry much weight. Outside of Belarus, Serbia is Russia's closest ally in 
Europe, but at $457 per thousand cubic meters, it is at the upper end of the spectrum in 
terms of price paid to Russia. Italy, which formed a close relationship with Russia during 
former Prime Minister Silvio Berlusconi's tenure, pays $440 per thousand cubic meters.  
 
"It's pretty much always economic," Henderson says. "There's a political overlay to 
negotiations and sometimes the timing of discussions and obviously timing of the 
negotiations can have a political bent to it. But from what I can see Russia prices its gas 
according to what it thinks it can charge."17 

 
Forbes writer Mark Adomadis, who writes on Russian politics, economics, and demographics, provides a chart 
comparing the prices and volumes purchased by European buyers from Gazprom in a 2013 article. He 
comments on how pricing does not appear to be based on volumes, delivery distances, or relative relationships 
between the buying country and Russia.  
 

 “Countries far away from Russia (the UK or France) pay sharply lower prices than 
countries (such as Bulgaria) that are geographically much closer. Some countries 
(particularly Germany) appear to receive a pretty steep volume discount while others 
(such as Poland) get none at all. And it’s not even a straightforward strategy of supporting 
friends and punishing enemies. The UK (which has awful relations with Russia) gets the 
best price on natural gas while Serbia (long known as being positively predisposed 
towards Moscow) pays more than Slovakia or Romania. Likewise Greece (which is 
reasonably friendly towards Russia) pays much more for its gas than either Finland or the 
Netherlands (which are generally frosty).” 18 

                                                      
17 Kates and Luo. “Russian Gas: How Much Is That.” 
18 Mark Adomanis, “Why Gazprom Is In Trouble in One Chart,” Forbes, February 19, 2013, 
http://www.forbes.com/sites/markadomanis/2013/02/19/why-gazprom-is-in-trouble-in-one-chart/ 

http://www.forbes.com/sites/markadomanis/2013/02/19/why-gazprom-is-in-trouble-in-one-chart/
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Figure 46: Gazprom Prices Purchased by European Buyers in 2013 

 
                Source: Mark Adomanis, Forbes 
 
Gazprom Export Pricing to CIS Countries 
Karel Svoboda provided a succinct analysis of Gazprom pricing to Commonwealth of Independent States (CIS) 
countries in December 2011 article in Problems of Post-Communism, titled “Business as Usual?” As with pricing 
in Europe, having strong political ties to Russia helps, but it doesn’t guarantee preferential pricing. Even in the 
CIS, Gazprom will look to maximize the prices it receives and often achieves these goals by taking control of 
distribution infrastructure. Nonetheless, as the Table below shows, CIS countries historically paid a 70 percent 
discount to European prices in the early 2000’s. That discount has shrunk to 25 percent by 2010 and it 
continues to shrink today as Gazprom attempts to transition to relatively standardized prices globally.   

Table 21: Gazprom Gas Sales in Europe and Former Soviet Union 

 
Source: Svoboda, Karel.  
 
The following is an excerpt from Svoda’s article mentioned above: 
 

The gas market in the post-Soviet space differs significantly from the market in Europe. 
Most important, there are no “normal” market relations in the gas trade between Russia as 
supplier and the CIS members as consumers. Gazprom has essentially a captive market 
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and can apply pressure to its post-Soviet customers as needed. The company’s policies 
reflect several interconnected goals, namely, to control the CIS gas markets, to influence 
the energy policies of CIS members, and to increase profits by establishing control over 
production, transit, and distribution. Gazprom’s relations with the CIS members are not 
immune to changes in the European markets, however. To make up for lost revenue, the 
company is raising delivery prices to European levels for all of its customers—whether 
friendly Armenia or hostile Georgia. 
 
Russia and Gazprom have several structural advantages over other post-Soviet republics. 
First, these countries lack physical access to European energy systems. All pipeline 
transportation systems in the post-Soviet republics are east-west-oriented and link to 
Russia’s pipelines, which are controlled by Gazprom. Proposals to reverse the flow of gas 
and import it from various European trading points to Ukraine, for example, remain far 
from realized. Second, domestic gas production is very limited. Even 
Ukraine, the second-largest producer, cannot satisfy more than one-third of its energy 
needs from domestic sources. Therefore, the gas-consuming CIS members currently have 
no alternative to gas imports from Russia. 
 
One example of where political ally still pays high price, due to Gazprom gaining control of 
distribution system is Armenia.  Armenia has always been regarded as a close “friend” of 
the Russian Federation. Although this depiction is fairly correct, friendship has played 
virtually no role in Gazprom’s business relations with the country. Gazprom was very 
successful in its efforts to gain control over the pipeline systems in Armenia compared 
with those in other CIS members.  
 
In 2006, Armenia and Gazprom signed a 25-year contract for Russia to deliver gas 
supplies to the country. The price was set at $110 per thousand cubic meter, far below 
European prices. This rate was to be in force until December 31, 2008. However, the 
discount was not, surprisingly, as generous at it sounded. Armenia handed Gazprom full 
control of the pipeline under construction to link Iran and Armenia, as well as the fifth bloc 
of the Hrazdan-5 hydropower station. The pipeline, according to analysts, played a crucial 
part in Gazprom’s strategy of blocking potential CIS member purchases from Iran. 
Consequently, Gazprom gained almost full control over the Armenian pipeline system. It 
also got, through its 80 percent share in ArmRosGazprom, direct access to Armenia’s 
consumers. In September 2008, Gazprom and Armenia signed a contract for 2009 and 
2010, which supposed a gradual rise of prices for gas—to $154 by April 2009 and $180 by 
April 2010. However, the prices rose to $210 in July 2011. Gazprom announced that the 
prices for Belarus, Armenia, and Moldova will reach the “European” level, but that price 
point might be different in practice. 

 
Gazprom Export Pricing to China 
In May 2014, China and Russia signed a 30 year agreement for importing 38 BCM/year of gas from Eastern 
Siberia pipeline (with design capacity of 61 BCM/year) to the border of North-East China. The pipeline will have 
a capacity of 61 BCM/year and has been reported that the price is indexed both to crude oil and oil products. 
The total value of the agreement is reported to be $400 billion, but they did not disclose specific gas pricing 
details. Based on the limited data provided, the price appears to be approximately US$350/MCM.  This is a 
similar price to what China reportedly pays to Turkmenistan for gas.  
 
Gazprom Internal Pricing to Russian Buyers 
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Gazprom sells to Russian buyers at much lower prices than it sells gas for export, with discounts averaging 75 
percent of the export price. Industrial buyers currently pay US$2.40/MCF (equivalent to US$85/MCM), while 
government buyers and households currently pay even less, at US$2.10/MCF (equivalent to US$75/MCM).  
However, Gazprom recently commented on the need to raise domestic prices to sustain production. They made 
the following announcement in May 2014:  
 

It was noted that Gazprom, the biggest gas supplier to the domestic market, sold gas at 
regulated prices that remained below the economically viable level, thereby supporting the 
domestic economy. The regulated prices are undervalued and Gazprom is not able to 
generate revenues enough for creating its own source of financing to be invested in 
constructing new production, transmission and storage facilities and maintaining the 
existing ones for the benefit of Russian consumers. For instance, between 2000 and 2008 
Gazprom made no profit from domestic gas supplies, and only the year 2009 saw the 
slight profitability growth. During the following years revenues grew steadily, but were still 
low and currently are also delayed. 
 
In recent years the Company is making efforts to gradually adjust the wholesale prices for 
industrial consumers to bring them closer to the level of profitability equal to export 
supplies. Industrial consumers anticipated to see a 15 per cent rise in regulated wholesale 
prices annually between 2013 and 2015. However, in 2013 the Russian Government 
made a decision to slow the process – in 2014 the wholesale prices for industrial 
consumers are expected to be the same as in the second half of 2013; from July 1, 2015 
prices will go up by 4.8 per cent, from July 1, 2016 – by 4.9 per cent. 19 
 

7.2 China 
China is one of the largest importers of gas in the world and does not export gas in any meaningful quantities. 
Following is a discussion on prices paid by China for different sources of gas imports and China’s internal gas 
pricing structure, which is highly regulated. Import prices range from US$135/MCM for Kazakhstani pipeline gas 
to US$620/MCM for Qatari LNG. Domestic end-user prices range from US$210/MCM for residential consumers 
in Western China to US$775/MCM for transportation (CNG fuel) consumers in Beijing.  
 
In July 2014, the Oxford Institute for Energy Studies published a report titled “The Development of Chinese Gas 
Pricing: Drivers, Challenges and Implications for Demand” by Michael Chen in the Oxford Institute for Energy 
Studies. It is highly recommended for anyone involved in either structuring gas prices in Afghanistan or entering 
into negotiations to sell gas to China to read Chen’s report. The report provides a detailed analysis and data on 
gas pricing at all stages of the supply chain in China: from import pipelines and domestic gas wells to end-
users.  
 
Chinese Import Pricing 
The following two charts from Chen’s report offer a brief snapshot of the volumes and prices paid by China for 
gas. The first chart provides import volumes and compares Chinese import prices to international benchmarks 
including Henry Hub and Japanese LNG. It shows how Chinese imports have increased dramatically since 
2006, with an increasing share coming from Turkmenistan. The solid red line shows the weighted average LNG 
price paid, which increased from under US$3/MMBtu in 2005 to US$11/MMBtu in 2013. Meanwhile, oil-indexed 
gas from Turkmenistan has increased from under US$7/MMBtu in 2005 to US$10/MMBtu in 2013 as the price 

                                                      
19 Gazprom Press Release, “Setting Fair Gas Prices in Russia to Boost Domestic Economy,” April 22, 2014. 
http://www.gazprom.com/press/news/2014/april/article189315/ 

http://www.gazprom.com/press/news/2014/april/article189315/
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of crude oil increased. These prices are notably lower than Japanese LNG and Russian gas prices at the 
German border, but they have remained significantly higher than Henry Hub prices since 2010.  

Figure 47: China Import Pricing 

Chen, 
Source: Chen, Michael. 
 
The second chart provides greater detail on recent gas prices by seller to China. Kazakhstan stands out as the 
lowest pipeline supplier at under US$4/MMBtu, in part due to shorter transportation distances and lower transit 
fees. Meanwhile, Qatar stands out as the most expensive supplier of LNG at almost US$18/MMBtu. The dotted 
line represents a local Chinese wellhead price of just over US$4/MMBtu. 

Figure 48: China Gas Prices to Different Countries 

 
Chen, Michael. 
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Chinese Internal Pricing 
The International Energy Agency produced a report titled “Gas Medium Term Market Report 2012” and it 
includes a concise summary of the Chinese domestic gas pricing structure. An excerpt is provided below to 
describe the terms of tariffs proposed by China:  
 

Tariffs are currently based on a cost-plus approach, with prices for wellhead and pipeline 
transport determined by the central government. The ex-plant (wellhead) price, based 
principally on the production cost of natural gas, is proposed by the project developer and 
adjusted by the central government. This price is a baseline, and producer and buyer can 
negotiate up to 10 percent above it. Transport tariffs depend on each pipeline and are 
determined based on the pipeline construction and operation costs plus a margin. 
 
Tariffs vary with the transport distance from each gas source to each city gate. Therefore, 
the transport tariff depends both on the different consuming regions and the diameter and 
length of the pipelines. The IRR is standardized for all pipelines by the government at 12 
percent, accompanied by very short depreciation periods of 10 years.  
 
The end-user price varies depending on the type of end user: fertilizer producer, industrial 
users (direct supply), city gas (industrial or non-industrial). The reform currently being 
started in the Guangdong and Guangxi regions would result in one maximum single price 
at the city gate independent from the gas source, which would streamline the whole 
pricing system. 

Table 22: End User Prices in Select Cities, 2011 

 
Source: International Energy Agency 
 
Following is a much more detailed discussion on the Chinese domestic gas pricing structure. The information 
below is from several excerpts from Chen’s report. 
 

Domestic gas prices in China had traditionally been regulated at each point along the 
value chain. From well-head to city gate terminals, gas prices (well-head prices, 
processing fees and transportation tariffs) are regulated by central government and 
administered by National Development and Reform Commission (NDRC). Local 
distribution charges (including connection fees) and end-user prices are regulated by 
provincial and local governments as Figure 49 below shows.  
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Figure 49: China Domestic Gas Pricing Structure 

 
The degree of regulation usually varies according to the source of the gas, the means and 
routes of transportation and the type of end-use of the specific region in question. More 
recently, in order to limit surging incremental demand, which is increasingly being met by 
imports that cost more than domestic gas, the government has been attempting to link the 
price of incremental gas volume (in excess of 2012 volumes for non-residential sectors) to 
the import prices of alternatives (LPG and fuel oil). This reform applies only to pipeline 
imports and onshore domestic gas production (accounting for 73 percent of demand).  
 
Domestic conventional onshore gas is the predominant source of gas (more than 85 
percent of domestic gas output). Ex-plant prices, which include wellhead prices and 
processing fees, have been traditionally set by the NDRC for each well and each region in 
the case of onshore conventional gas. They are based on the type of end-user – for 
example, industrial, residential and the fertilizer and power sectors, which are supplied 
(via different pipelines). Consumer affordability has been the key driver of ex-plant price 
regulation; but the main determinant is the production cost, which depends on the source 
of local gas.  
 
Well-head prices are calculated from a base price (which takes into account project cost, 
taxes and loan repayments) as well as processing fees and an appropriate margin for 
producers. Processing fees are determined by the quality of the gas and subject to 
negotiations between the NDRC and producers. The ex-factory price serves as ‘price 
guidance’ against which producers and buyers can negotiate a final price within a +/-10 
percent band. It applies only to conventional gas since the price of unconventional gas 
price is based on market rates. 
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Figure 50: Output and Wellhead Prices at the Major Gas Basins 

 
 

Transmission tariffs (long distance and inter-regional) were set by the NDRC and vary 
according to pipeline and city terminal. Besides taking into account consumer affordability 
in the various regions, the tariff is determined mainly by the date of construction of the 
pipeline and the distance of the gas source to each city gate; it is based on the cost of and 
payback period for project construction and operation plus a margin for the operator (‘cost 
plus reasonable profit’) – namely, PetroChina, Sinopec or the China National Offshore Oil 
Corporation. The tariff for pipelines built before 1995 is based on distance; however, for 
long-distance pipelines built from the mid-1990s onwards, both ex-plant prices and 
transmission tariffs have been set according to both distance and end-user. Current city 
gate pricing regulation means that the transmission tariff would be the difference between 
city gate and well-head prices. 
 
City-gate prices for each sector in each city or region are normally calculated as the ex-
plant price plus the pipeline tariff. It is on the basis of the city-gate prices that each 
provincial government sets retail prices or the sales prices of LDCs, which, again, vary 
from sector to sector. At the end of 2011 the NDRC attempted to introduce net-back 
pricing in Guangdong and Guangxi provinces to gradually replace cost-plus wellhead price 
controls with a single regulated price ceiling for all piped gas supply to the provinces, 
thereby moving the pricing point downstream from the wellhead to the city gate. In July 
2013 the NDRC announced city-gate price ceilings for 29 provinces and municipalities 
with the price. 
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Figure 51: Provincial City-Gate Prices Across the Three Main Regions, July 2013 

 
 

End-user prices for bulk users are essentially city-gate prices for direct customers (that is, 
those who do not buy from local gas distributors), including bulk industrial users, fertilizer 
producers and power plants. Gas used as an industrial fuel and in chemicals production 
(including small industrial users that buy gas from local gas distributors) accounts for the 
largest share of gas consumption – around 47 percent in 2011. The price of such gas is 
increasingly subject to negotiations between industry users and producers. Traditionally, 
fertilizer producers have paid the lowest price – 30 percent less than small industrial users 
– to facilitate the development of the agricultural sector.  
 
On average, industrial gas prices are 30 percent higher than residential prices and 9 
percent lower than those for transport. Although industrial gas use has declined from 55 
percent of total gas consumption in 2000 to 43 percent in 2012, volumes more than tripled 
from 19 BCM to over 60 BCM during the same period. The average tariff for industry in 36 
major Chinese cities was $14.3/MMBtu in 2013. Fuel prices for industrial users of coal 
gas, fuel oil, coal, LPG and gas in four major provinces/municipalities show that gas is 
very competitive against coal gas, fuel oil and LPG. 
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Figure 52: Fuel Prices for Industrial Users Across Four Major Municipalities, 2013 

 
 

Gas use in the power sector amounted to 30.2 BCM or 18 percent of total gas 
consumption in 2013. The price of such gas is determined by the provincial government 
and varies from region to region, depending on the source of the gas and the on-grid 
electricity tariff, which has yet to favor gas relative to other fuels. The on-grid tariff for coal-
fired generation is 25 percent lower than that for gas-fired generation, while the utilization 
rate is significantly less than 4,000 hours for gas-fired power plants and more than 5,000 
hours for coal-fired power plants. However, some coastal provinces provide incentives to 
gas-fired plants; for example, the gas price for power plants is set at around 20 percent 
lower than that for industry. 

Figure 53: Gas and Coal Prices 

 
Different pricing methods are used for residential and commercial/industrial customers 
and various additional local charges apply. End-user prices beyond the city gate are 
regulated by provincial and local governments. They are based on the cost of supply (the 
city-gate price set by the NDRC) plus a local distribution fee (including a cost-plus 
margin). They also take into account the following factors: the type of end-user, the user’s 
ability to pay, the competitiveness of gas against other fuels, gas demand structure and 
efficiency, and a cost estimate for converting coal gas distribution networks to natural gas.  
 
In theory, when the NDRC adjusts ex-plant prices, provincial and local pricing bureau pass 
costs downstream by raising retail prices; if the wellhead price of a source crosses a 
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threshold set by the province, the project developer submits a proposal for a price change 
to the local pricing bureau for review, adjustment and approval. In practice, making price 
adjustments downstream following increases in upstream tariffs is a slow process: for 
example, it normally takes longer to review a price change for the residential sector than 
for other end-user groups since a public hearing is usually required. This has squeezed 
the distribution margin of city gas distributors, which tend to be private companies. End-
user prices vary significantly from location to location and from sector to sector (according 
to local development priorities). The wealthier coastal regions, which are located a long 
way from key inland sources of gas, pay higher prices. 

Figure 54: End-User Prices for the Three Main Regions, 2013 

 
Residential gas use accounts for 20 percent of total national gas demand. Figure 55 below 
shows that natural gas prices (on an energy equivalent basis) are much more competitive 
than those of LPG and electricity (the dominant fuels) in the Chinese residential sector; 
the exception is Guangdong, where gas is the primary fuel for power generation. For 
residential customers, there is a flat connection fee based on the types of gas appliance in 
the property, such as stoves, water heaters and boilers. Tiered residential gas pricing is 
being tested in some coastal and central provinces as the solution to rationalize demand.  
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Figure 55: Residential Fuel Prices Across Four Major Provinces/Municipalities, 2013 

 
 
Despite natural gas vehicle (NGV) owners having to pay the highest gas price of all end-
users, 
China’s NGV fleet has grown from 693,000 in 2004 to around 1.8 million in 2013 (the 
majority of those vehicles run on CNG). Gas use in transport accounts for around 13 
percent (or 21.2 BCM) of total gas consumption. Even if the NGV gas price is raised to 75 
percent of the gasoline (retail) price – which is the ratio required by the NDRC in a May 
2010 directive– natural gas will still be cheaper than alternative fuels for transport.20 

Figure 56: Ratio of NGV Gas Prices to Gasoline Price Across Major Provinces/Municipalities, 2013 

 
  Source: Chen, Michael. 

7.3 Pakistan 
Pakistan relies on its indigenous upstream gas industry for supply as it currently lacks the infrastructure to 
import gas (please note that Pakistan does not export gas). Natural gas production was 41 BCM in 2012; 
however, according to a report by the Pakistan government in 2013, Pakistan faced a natural gas shortfall of 26 
BCM as its domestic natural gas reserves declined. Pakistan has recently been in discussions with 
                                                      
20 Chen, Michael. (2014). The Development of Chinese Gas Pricing: Drivers, Challenges and Implications for Demand. Oxford Institute for Energy 

Studies. 
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Turkmenistan (via TAPI negotiations), India, and Iran to build gas import infrastructure, but nothing has come 
out of it yet. These discussions involved pricing of US$400+/MCM for gas delivered to Pakistan after paying 
transit fees. 
 
Following is a discussion on Pakistan’s internal gas pricing structure, which is highly regulated. Domestic end-
user prices range from US$35/MCM for residential consumers to US$260/MCM for cement factories.  
 
In June 2013, the Oxford Institute for Energy Studies published a report titled “Natural Gas in Pakistan and 
Bangladesh: Current Issues & Trends” by Ieda Gomes. Gomes  report, as well as Michael Chen’s  report on 
China mentioned earlier, is highly recommended for anyone involved in structuring gas prices in Afghanistan. 
The Gomes report provides a detailed analysis of gas pricing at all stages of the supply chain, from domestic 
wellheads to end-users. The following charts and data are from Gomes report which provides both gas pricing 
data and rationales for the pricing. 
 
The average wellhead price in Pakistan is US$3.76/MMBtu, which is relatively low due to old legacy contracts. 
The Government-owned Exploration and Production companies also receive a discounted price when selling 
gas from older fields. For example, Sui and Kandkot prices are respectively US$2.22 and US$2.18/MMBtu. On 
the other hand, the wellhead gas price in more difficult exploration areas such as Kadanwari is 
US$8.50/MMBtu. 

Table 23: Recent Gas Wellhead Prices in Pakistan 

 
            Source: Gomes, Ieda. 

 
In an attempt to offset decreasing reserves, Pakistan recently adjusted gas prices for new exploration, starting 
with exploration and production contracts negotiated in 2012. The gas price is benchmarked against the price of 
oil, as shown in the chart below. For onshore discoveries, the gas price increased by 12 – 33 percent, 
depending on the price of oil. For offshore ultra-deep discoveries, the price increased by 30 – 54 percent. 
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Table 24: Producer Gas Prices 2012 E&P Licensing Round vs 2009 Policy 

 
      Source: Gomes, Ieda. 
 
The transmission and distribution companies, Sui Southern Gas Company (SSGC) and Sui Northern Gas 
Pipeline Ltd (SNGPL) are allowed by the Oil and Gas Regulatory Authority (OGRA) to operate on an annual 
return of nothing less than 17.5 percent on the value of their fixed assets. This is before corporate income 
taxes, interest, and other charges on debt after excluding interest, dividends, and other non-operating income. 
Any deficit or surplus on account of this is recoverable from or payable to the Government of Pakistan as a 
differential margin or Gas Development Surcharge (GDS) respectively. 
 
The consumer price of natural gas in Pakistan comprises the following items:  

• producer gas prices (as described above)  
• government royalties and excise duties  
• gas processing costs  
• transmission and distribution operation & maintenance costs  
• depreciation of transportation & distribution assets  
• a minimum return to the gas companies as stipulated in the World Bank/ADB loan covenants  
• a Gas Development Surcharge and sales taxes  

 
In return, this leads to an average consumer price of $5.63/MMBtu. 



SGGA                                                                                                                              March 7, 2015 

Gas Feasibility Study Update           Page 90 of 112 
 

Table 25: Components of Consumer Gas Prices in Pakistan 

 
                           Source: Gomes, Ieda. 
 
End-user tariffs are comprised of two elements: a flat rate per volume applied to each category of consumers 
and a fixed charge (which is not shown on the chart below). In January 2013, the fixed rates ranged from 
US$1.46 (residential) to US$225/month (CNG). 

Figure 57: Pakistan End-User Gas Tariffs 

 
                            Source: Gomes, Ieda. 
 

7.4 India 
Like Pakistan, India has its own indigenous upstream gas industry, but not large enough to satisfy demand. 
Natural gas production was 36 BCM in 2013, but unlike Pakistan, it also imports gas, mostly LNG. However, it 
does not export gas in any meaningful quantities. Following is a discussion on prices paid by India for different 
sources of gas imports, and India’s internal gas pricing structure, which, like Pakistan and China, is highly 
regulated. Import prices range from US$460/MCM for long-term contracted LNG with Qatar to US$635/MCM for 
spot LNG. Domestic end-user prices range from heavily subsidized US$89/MCM for gas in North-East India 
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under an Administered Pricing Mechanism (APM) to privately negotiated market prices for LNG, which can 
costs up to US$500+/MCM.  
 
As detailed in a Frost & Sullivan Gas Market report in 2007, India is slowly transitioning from a highly regulated 
gas industry that dictates pricing at all stages of the gas industry to a free market. Private sales of LNG were the 
first step. 

Figure 58: Indian Gas Pricing - Transition from Government Control to Free Market 

 
        Source: Frost & Sullivan Gas Market Report (2007). 
 
Ernst & Young published a 2014 report titled “Natural Gas Pricing in India” and it provides a concise description 
of Indian gas pricing. An excerpt is provided below:  
 

There are multiple natural gas pricing regimes in India. These can be divided into the 
following: Administered Pricing Mechanism (APM), and Non-APM. 
 
APM Pricing: 
Natural gas produced from the existing fields of the nominated blocks of Indian state-
owned companies, OIL India LTD and Oil and Natural Gas Company (ONGC), caters to 
fertilizer and power plants, court mandated customers and those requiring less than 50 
MCM/day at APM rates. The price of APM gas has been set by the government on a cost-
plus basis and is US$4.20/MMbtu, except for the Northeast of India where it is 
US$2.52/MMbtu. The price in the Northeast is 60 percent of the APM price elsewhere in 
the country. The balance of 40 percent is paid by the government to the national oil 
companies as subsidies. 
 
India’s move toward a market-based pricing regime: In June 2013, the Cabinet Committee 
on Economic Affairs approved a market-based pricing formula for natural gas produced in 
India. The pricing formula, valid for the next five years, pegs the base price of natural gas 
at around US$8.40/MMbtu, doubling the price. The upward revision in prices is based on 
the weighted average of the netback price at the wellhead of countries exporting LNG to 
India and gas prices in the trading hubs of North America, Europe and Japan. These are 
calculated on a trailing 12-month basis. Prices will be revised quarterly. 
 
Non-APM Pricing: Non-APM gas is divided into two categories: (1) Imported LNG, for 
which prices are determined by the market, and (2) domestically produced gas from the 
New Exploration Licensing Policy (NELP) and pre-NELP fields. 
 

• Pre-NELP Production Sharing Contract Pricing: Gas prices are determined on the 
basis of the formula specified in the production sharing contracts. All the gas is 
sold to GAIL. Currently, the pricing is US$3.50 – 5.70/MMbtu. 
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• NELP Pricing: This applies to gas fields awarded under the NELP rounds. (The 
NELP program was established in 1997 to encourage private sector investment in 
India’s upstream oil and gas sector. The policy was critical to begin the 
deregulation of the sector and was an effort by the government to improve the 
incentives for private sector investment in exploration and production.) 

• The price is determined on the basis of arm’s length prices (market prices), 
subject to the Government’s approval, and is controlled by production sharing 
contract terms. This pricing regime was valid until March 2014. After this, a new 
pricing mechanism has come into force. NELP gas is now price between 
US$4.20– 4.70/MMbtu. 

 
Price of Imported LNG: The price of long-term LNG imported from Qatar has been linked 
to Japanese Custom Cleared prices and varies on a monthly basis. However, India’s 
dependence on expensive spot LNG to meet the bulk of its demand sees limited growth 
from this source. According to industry estimates, the imported gas from long-term LNG 
contracts cost around US$13/MMbtu, while spot price was at US$18/MMbtu in January 
2014.21 

Table 26: Various Prices of Natural Gas in India, by Pricing Regime 

 

                                                      
21 Earnest & Young. (2014). “Natural gas pricing in India.” India 5. 
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Following a multi-year study, the Government of India agreed to change the APM pricing formula in an effort to 
improve the prospects for investment in domestic production. The new formula was to reflect the trailing 12-
month average of the volume-weighted netback prices of India’s LNG imports and the volume-weighted price of 
the US’ Henry Hub, the UK’s National Balancing Point, and Japan’s Japan Crude Cocktail price. As of July 
2013, it was estimated that this formula results in a natural gas price of approximately US$8.40/MMBtu.  
 
However, in October 2014, India increases the APM price from US$4.20 to only US$5.61/MMbtu. Upstream 
operators BP and Reliance both objected, noting that their deep-water project required higher prices to justify 
the investment. The new price is indexed to gas prices in Russia, an exporter of gas, which led many to believe 
India was “shopping for the lowest price they could get,” according to Sasha Riser-Kositsky, an analyst at 
Eurasia Group, a risk consultancy. 
 
The International Energy Administration issued a 2010 report titled “Natural Gas in India” by Anne-Sophie 
Corbeau, which discusses the complexities and issues surrounding regulated gas pricing in India. Following is 
an excerpt relevant to the latest attempts to raise AMP prices and to deregulate the Indian gas industry in 
general. Afghanistan will likely face similar issues if it chooses to heavily regulate its gas prices. In fact, 
Afghanistan already faces similar issues as India regarding fertilizer factories with the subsidized gas price 
given to NFPP. 
 

The pricing issue in India has always been quite complex. Firstly, APM gas supplies have 
been declining while non-APM gas saw a dramatic increase in volume and share. 
Furthermore, APM gas has been allocated in priority to power producers and fertilisers, 
two sectors expected to see their demand increasing over the coming decade (see section 
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on demand). While the MoPNG has been pushing for higher prices to limit losses from the 
public sector undertaking, this has met with strong resistance from the Ministry of Power 
and Ministry of Chemicals and Fertilisers. The subsidies to fertilisers have already 
multiplied by five over the last five years to reach INR 75 849 crore (USD 16.6 billion) in 
2008/09. 
 
From the supply side, keeping artificially low APM prices often sends the wrong signals: 
indeed, gas prices have to be high enough in order to attract upstream investments, and 
cover production costs and the recovery of capital in order to limit under-recoveries from 
public sector undertakings (the difference between the international market prices and the 
domestic retail price). These, unsurprisingly, complained that low prices had been 
resulting in substantial losses for them. 
 
On the demand side, the challenge is to perform a transition to prices closer to market 
prices while maintaining the consumer’s competitiveness. KG-D6 gas price for the first five 
years of production, namely USD 4.21/MMBtu, will soon represent around half of India’s 
supplies. This price, more than twice the former APM price level fixed by the government, 
has unsurprisingly become a reference point. Being a private sector company, RIL cannot 
sell gas at under cost; therefore their clients have to be able to pay cost-plus for any of 
their gas. 
 
Indeed gas availability and affordability for customers are crucial for gas development in 
India.  Demand for gas is infinite at USD 2-3/MMBtu but limited at USD 7-8/MMBtu for 
Indian major, priority customers – fertiliser production and power generation. There are 
two direct competing fuels for gas in these two sectors: coal (in the power sector) and 
naphtha, as well as the option to produce fertilisers offshore. Gas represents currently a 
small portion of total power capacity. In most cases, coal-fired generation will be cheaper 
than gas, but when one compares a coal fired plant is located far from coal fields or using 
imported coal with a gas-fired plant near the existing gas transmission infrastructure, this 
will not be the case. Certainly, these two sectors will be tested by the increase of APM 
prices. The fertiliser industry represents a big issue as increasing the gas price is likely 
require some policy solution: this could be increasing the subsidies of these customers, 
something that the finance ministry is unlikely to accept easily, or produce fertiliser in other 
countries which would face opposition from the fertiliser producers themselves and would 
also affect India’s self-sufficiency with respect to agricultural production.22 
 

7.5 Tajikistan 
Tajikistan consumes relatively little natural gas due to its large hydropower industry and expensive gas import 
prices. It produces only 20,000 MCM/year, and imports 130,000 – 230,000 MCM/year from Uzbekistan, its sole 
import supplier. Its average annual gas consumption is the equivalent of demand from a single 100 MW gas 
fired power plant. Imports also dropped over the last few years as Uzbekistan raised prices and Tajikistan 
objected. The price increased from US$228/MCM to over US$311/MCM in 2012, where it then settled at 
US$300/MCM in 2014.  
 
The price of natural gas for sale to consumers in Tajikistan is controlled by the Government. It is approximately 
US$305/MCM for all consumers, with a small discount for cogeneration plants and cement factories.  

                                                      
22 Corbeau, Annie-Sophie. “Natural Gas in India.” 2010. The International Energy Administration. 18-19. 
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Table 27: Fuel Pricing in Tajikistan 

 
Source: Global Energy Market Data Light - Database on energy supply and demand by country, Enerdata 

 
Tajikistan is now exploring for gas, and if exploration is successful, hopes to become a net exporter of gas in 
the next 10 years. China would be the most likely buyer, especially given the new Turkmenistan to China 
pipeline that is being constructed via Tajikistan.  
 
In 2013, Oil & Gas Journal published an article by Gabe Collins and Bo White titled “Tajikistan – Pamir 
Pipedream or New Central Asian Exporter?” It discusses development of prospective resources in Tajikistan, 
and potential export prices. Following is an excerpt from the article regarding prospective pricing: 
 

Tajikistan faces an uphill fight for negotiating a gas sales price with China. Turkmenistan, 
the first to sign a supply deal with China (in 2009), was receiving $10.22/MMBtu for gas 
sold to China in August 2012, whereas Uzbekistan was receiving from China only 
$9.17/MMBtu at this time, according to Platts. 
 
Tajik gas will likely be discounted more deeply relative to the Turkmen baseline price than 
Uzbek gas was. The wellhead price of natural gas in Tajikistan remains to be seen, but we 
anticipate that CNPC would be willing to pay $7-8/MMBtu for Tajik gas delivered to the 
hub in southern Kazakhstan.23 

 

7.6 Kyrgyzstan 
Like Tajikistan, Kyrgyzstan consumes relatively little natural gas due to its large hydropower industry and 
expensive gas import prices. It produces only 10,000 MCM/year, and imports a total of 400,000 MCM/year from 
Uzbekistan in the south, and Gazprom via Kazakhstan in the North. As with Tajikistan, Uzbekistan recently cut 
itsgas supply to Kyrgyzstan over pricing and other issues discussed below.  Before deliveries from Uzbekistan 
ceased completely in 2014, it was charging Kyrgyzstan US$290/MCM. Conversely, Gazprom recently lowered 
prices in October 2014 to US$165/MCM, down from US$224/MCM.  
 
The price of natural gas for sale to consumers in Kyrgyzstan is controlled by the Government, with uniform 
prices for all users, although an exception is being made for a thermal power plant. With the recent drop in 
import price from Gazprom, the price for end-users in the North is set to change to US$240/MCM, down from 
US$300/MCM.  
                                                      
23 Collins, Gabe. & White, Bo. (2013). Tajikistan – Pamir Pipedream or New Central Asian Exporter? Oil & Gas Journal. 
http://www.ogj.com/articles/print/volume-111/issue-5/exploration---development/tajikistan-pamir-pipedream-or-new.html 

http://www.ogj.com/articles/print/volume-111/issue-5/exploration---development/tajikistan-pamir-pipedream-or-new.html
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Interfax News reported on the change in prices and the thermal power plant in September 2014, noting:   
 

The drop in gas prices only applies to the north of Kyrgyzstan, where gas is shipped from 
Kazakhstan. The question of supplying gas to the south of the country remains open. 
Uzbekistan stopped shipping gas to the region in mid-April, and talks on restoring 
shipments have been unsuccessful. “Gazprom Kyrgyzstan is making every effort to 
address the issues as soon as possible to ensure uninterrupted gas for the south of the 
republic,” the company said. Kyrgyzstan’s presidential press service told Interfax on 
Wednesday Gazprom had decided to ship gas to the Bishkek thermal power plant. 
Volumes will be supplied at the same $165/MCM price, although there will be an extra 
charge for shipping costs.24 

 
Regarding the dispute with Uzbekistan, in short, Gazprom acquired the gas distribution company in Kyrgyzstan. 
Uzbekistan clearly saw this as a potential competitive threat to its supply of relatively high priced gas to 
Kyrgyzstan. Consequently, Uzbekistan retaliated and used a legal technicality to stop supply to Kyrgyzstan 
completely. It demonstrates that foreign suppliers of gas can become unreliable when potentially alternative 
sources of supply appear. CACI published a report in July 2014 summarizing the issues. Following is an 
excerpt: 
 

On April 14, 2014, Uzbekistan stopped supplying gas to southern Kyrgyzstan. In Osh city, 
over 60,000 people remain without gas. The reason for the plight of Osh residents is the 
fact that in early April 2014, the Kyrgyz government reached an agreement with Russia’s 
state company Gazprom to sell its 100 percent share of Kyrgyzgaz Company, in exchange 
for investments and an uninterrupted supply of gas. Formally, Tashkent did not violate the 
terms of its contract with the Kyrgyz side, according to which the Uzbek gas monopoly has 
the right to terminate the supply of natural gas to Kyrgyzstan in case of a Company 
ownership change. This, according to Kyrgyz economist Dzhumakadyr Akeneyev, “should 
have been foreseen by the Kyrgyz authorities during the long negotiation process with the 
Russian side over the transfer of Kyrgyzgaz ownership to them.” 

 
According to Kyrgyzstan’s Prime Minister Djoomart Otorbaev, Bishkek’s efforts to 
establish contact with Uzbek authorities did not bring any results. His letter to his Uzbek 
counterpart to resume gas supply to Kyrgyzstan’s southern residents did not bring any 
reaction. “Gazprom took upon itself obligations to uninterruptedly supply gas to 
Kyrgyzstan, and is currently holding talks with Tashkent,” stated Otorbaev.25 
 

7.7 Uzbekistan 
Uzbekistan has 2,000 BCM of proven natural gas reserves and produced 62 BCM of dry natural gas in 2012. It 
was the third largest natural gas producer in Eurasia, behind Russia and Turkmenistan. As discussed above, its 
export customers include China, Tajikistan and Kyrgyzstan. Unlike Gazprom, its export pricing is not opaque, 
but its neighbors often complain it is exorbitant. Like Gazprom, it leverages logistics and politics to maximize 
prices. Export prices are approximately US$300/MCM for immediate neighbors and reportedly US$325/MCM for 
China 
                                                      
24 Natalya Lyubeznova, Zhyldyzbek Ibraliev and Zhyldyz Bekbaeva, “Gazprom to Cut North Kyrgyz Gas Prices from October,” Interfax 
Global Energy, September 17, 2014.  http://interfaxenergy.com/gasdaily/article/13616/gazprom-to-cut-north-kyrgyz-gas-prices-from-
october 
25 Arslan Sabyrbekov, “New Tensions Between Kyrgyzstan and Uzbekistan,” The Central Asia-Caucasus Analyst, July 2, 2014. 
http://www.cacianalyst.org/publications/field-reports/item/13008-new-tensions-between-kyrgyzstan-and-uzbekistan.html 

http://interfaxenergy.com/gasdaily/article/13616/gazprom-to-cut-north-kyrgyz-gas-prices-from-october
http://interfaxenergy.com/gasdaily/article/13616/gazprom-to-cut-north-kyrgyz-gas-prices-from-october
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The netback price realized by Uzbekistan is likely over US$250/MCM for neighboring countries given the short 
distances and no third party countries collecting transit fees. For sales to China, Uzbekistan’s gas must travel 
further and transit Kazakhstan. The netback price is likely US$250/MCM or less in spite of the higher gross 
price. 
 
For local Uzbek buyers, the government regulates the prices at a fraction of export pricing. It is currently 
US$70/MCM for local consumers, including industries. Although low compared to both global and regional 
prices, it is a 45 percent increase from the previous year as Uzbekistan begins to phase out subsidies. 
Nonetheless, this is likely at or below the fully-loaded cost of production and delivery, which is offset by higher 
export prices. 
 
Decreases in oil production have prompted the Uzbek government to inch away from an inward-focused energy 
policy that promoted self-sufficiency and subsidized domestic prices. Uzbekistan is now looking to attract 
foreign investment through production-sharing agreements and joint ventures with Uzbekneftegaz, a state-
owned oil and natural gas company, to boost both production and new reserves. Increased prices are also 
meant to counter widespread shortages of gas in rural areas each winter.  
 

7.8 Turkmenistan 
Turkmenistan has 7,500 BCM of proven natural gas reserves and produced 66 BCM of dry natural gas in 2012. 
This is expected to increase dramatically as new fields are brought online and new export pipelines are 
completed. It was the second largest natural gas producer in Eurasia, behind Russia. As discussed above, its 
primary export customer is China, which replaced Russia over the last decade. It also supplies 12 BCM/year to 
Iran, and is looking to supply 30 BCM/year to Afghanistan, Pakistan and India via the proposed TAPI pipeline.  
 
Export prices to China are reportedly US$350/MCM. The netback price realized by Turkmenistan is likely 
approximately US$250/MCM given that the gas must travel 2,500 km and transit Uzbekistan and Kazakhstan. 
Export prices to Iran are reportedly lower, but netback discounts are also lower given the shorter distance and 
no other countries charging transit fees. 
 
For local Turkmen buyers, gas was supplied completely free until last year. It was recently raised to only 
US$7/MCM for local residential consumers (after receiving 50 cubic meters free) and industries. This is clearly 
well below the fully-loaded cost of production and delivery, which is only possible thanks to high export prices 
and massive volumes of gas exports. With prices this low, consumption is 20 BCM/year, which on a per-capita 
basis is 2.4x higher than Uzbekistan and 18x higher than Pakistan.  
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Figure 59: Turkmenistan's Natural Gas Production and Consumption, 1992-2010 

 
 

8 Gas Market Development in Other Countries  

This chapter provides a brief history of gas market development in Pakistan and Bangladesh. Both are regional 
neighbors to Afghanistan, have similar gas reserves, histories of gas price subsidies, import/export options, and 
gross domestic product per capita. The chapter includes a summary of how the industry has evolved in each 
country that includes supply, demand, pricing, industry structure, and regulations, and what factors are driving 
those changes. 
 
Pakistan and Bangladesh have proven gas reserves of 765 BCM and 450 BCM, respectively, as of 2014. This 
compares to 75 BCM in Afghanistan; however, Afghanistan just recently restarted exploration after 20+ years 
without any exploration activities. It hopes to increase reserves dramatically in the coming decade.  
 
Like Afghanistan, the gas industry in both countries was initially dominated by state-owned companies and 
prices were heavily subsidized. Both countries learned that heavy subsidies have distorted supply and demand 
with lower prices increasing demand. At the same time, upstream operators have little incentive to invest in 
additional production, which reduces supply.  
 
Pakistan and Bangladesh are now attempting to deregulate their gas markets and move towards open market 
pricing. In doing so, they hope to reduce fiscal burdens, rationalize demand, and provide incentives to increase 
upstream production. This is proving to be a slow and challenging process as subsidies are socially and 
politically difficult to reduce once consumers have grown accustomed to them. 
 

8.1 Pakistan 
Supply and Demand 
In 1952, 300 BCM of gas reserves were discovered in Baluchistan. Following the natural gas discovery, the 
Government of Pakistan signed gas concession agreements with several IOCs leading to significant additional 
discoveries.  Successful exploration campaigns opened new gas provinces in Sindh, Punjab, and Baluchistan. 
 



SGGA                                                                                                                              March 7, 2015 

Gas Feasibility Study Update           Page 99 of 112 
 

Pakistan currently produces 40 BCM/year of gas, equivalent to 110,000 MCM/day of production. This compares 
to only 600 MCM/day of production in Afghanistan. Higher production rates are supported by 10x higher 
reserves, 6x higher population, and a more mature gas industry in Pakistan. In spite of relatively high production 
rates, supply reportedly satisfies only 60 percent of current demand of 65 BCM/year. As discussed in more 
detail below, this is due in large part to low regulated gas prices, reducing incentives for upstream operators to 
explore and produce more gas. With gas shortages, Pakistan has been forced to take dramatic steps recently, 
cutting supply to power producers and what was otherwise a robust CNG market. 
 
As detailed in Figure 60 below, gas accounts for 32 percent of the total primary energy supply mix in Pakistan, 
second only to biofuels and waste. If not for the lack of supply, gas would represent the largest share. In 
contrast, gas represents only a negligible percentage of the energy mix in Afghanistan due primarily to a lack of 
production capacity and prices which discourage investment in production and processing. 

Figure 60: Pakistan's Energy Mix in 2009 

 
         

Source: IEA, 2012 
 
Gas supply and consumption in Pakistan increased at 5.6 percent per year from 2001 to 2011, and at an even 
faster rate in the 1990’s. However, as production declines in older fields, overall production has plateaued at 40 
BCM/Year since 2010. Bangladesh is also facing a similar production profile, albeit on a smaller base. 
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Figure 61: Pakistani and Bangladeshi Gas Consumption Growth, 2000-2011 

 
                                            Source: BP Statistical Review, 2012 
 
While supply has plateaued, demand continues to increase with overall economic growth. Figure 62 compares 
projected domestic supply with two estimates of demand through 2020. The Petroleum Institute of Pakistan 
provides a conservative “low demand” estimate based purely on GDP growth, while Price Waterhouse Coopers 
includes demand from consumers whom are currently being curtailed due to lack of supply, such as power 
plants and the CNG market. Both estimates show a relatively constant growth in demand, diverging dramatically 
from shrinking domestic supply as production decreases from older gas fields.  

Figure 62: Pakistan Natural Gas Supply Demand Projections - Bcma 

 
  Source: Interstate Gas Systems Ltd. 
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To offset the drop in domestic supply, Pakistan is renewing efforts to import natural gas. It is also attempting to 
encourage investment in domestic exploration and production by improving fiscal terms for private investors. In 
2012, Pakistan issued a new Petroleum Exploration and Production Policy that increased the prices paid to 
upstream operators. For onshore discoveries, the gas price increased by 12 – 33 percent, depending on the 
price of oil. For offshore ultra-deep discoveries, the price increased by 30 – 54 percent.  
 
Figure 63 layers on potential new sources of supply, including new domestic discoveries, LNG imports, and two 
prospective import pipelines, one from Iran and the other from Turkmenistan. Even if all of those potential 
sources come to fruition, they will not meet anticipated demand. Furthermore, poor creditworthiness and low 
domestic prices have stood in the way of finalizing contracts for any of these potential new sources of supply.  

Figure 63: Pakistani Potential Future Gas Supply 

 
Source: Inter State Gas Systems 

 
As a result of gas shortages, Pakistan was recently forced to ration supply. The 2006 Gas Allocation Policy sets 
priorities for the supply of natural gas by category of consumers, with the residential and commercial sector as 
number one priority. Power and CNG customers were designated as low priority. While overall supply increased 
over 10 percent between 2005 and 2010, supply allocated to the power sector shrank by 40 percent. Power 
companies were forced to reduce production and/or switch to more expensive fuel oils.   
 
Although supply to CNG increased during the same period, the Government has recently announced it will not 
renew any CNG business licenses, effectively decimating an industry that had previously grown to be the 
largest in the world while saving Pakistani drivers up to 50 percent on their fuel costs. Although there was a 
large public outcry over this dramatic move, the Government claimed it had no choice given the reduced supply 
of gas. The alternatives were to reduce supply to households or industries, which would be a major blow in 
Pakistan.   
 
With the re-prioritization, supply to households and industries actually increased between 2005 and 2010. 
Ironically, with households paying the lowest rate in Pakistan, as low as US$35/MCM, the re-allocation actually 
exacerbated the problem of low end-user prices discouraging upstream production.  
 
Afghanistan is currently attempting to encourage both an indigenous gas-fired power industry and a CNG 
industry, with an IPP agreement possible in 2015, and the first CNG station opened in Sheberghan in 2013. If 
these efforts are to succeed, Afghanistan must learn from the problems caused by subsidized gas prices in 
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Pakistan. As Pakistan is now learning, neither industry can thrive without sustainable supply of gas and that is 
not possible unless the price charged for gas is sufficient to sustain upstream production. 
 
Pricing 
A full discussion on current gas pricing in Pakistan is provided in Chapter 7 of this report. In short, Domestic 
end-user prices range from US$35/MCM for residential consumers to US$260/MCM for cement factories, 
leading to a weighted average end-user price of approximately US$150/MCM.   
 
The average wellhead price in Pakistan is US$3.76/MMBtu, or approximately US$130/MCM. Yet potential new 
sources of gas supply will all cost the Pakistani transmission companies double or triple the current prices paid 
for gas from older fields. This is well in excess of average end-user prices. New exploration licenses provide for 
payments to upstream operators of US$150 – 315/MCM, while import options (including TAPI and LNG) will 
likely cost greater than US$400/MCM. Transmission and distribution costs must then be layered on top of these 
upstream costs to arrive at a sustainable end-user price.   
 
With new sources of gas representing 70 percent of supply in 2020, the weighted average price of gas for 
transmission companies will exceed end-user prices for even the highest paying customers in Pakistan.  Low 
end-user prices are currently subsidized by a mix of the older upstream contracts at much lower prices and 
higher end-user prices for certain industries like cement. However, as noted earlier, production from these older 
upstream contracts is decreasing. Without dramatic changes to end-user prices, either supply will continue to 
decrease or the weighted average price paid to upstream providers will exceed end-user prices. This is likely to 
occur in the next five years and will require direct subsidies from the Pakistani government, which it is not in a 
fiscal position to support.  
 
With this in mind, the Pakistani government is currently in internal negotiations over increasing end-user prices, 
but the Senate is strongly objecting. Most recently, the Senate has threatened a sit-in until proposed price 
increases are cancelled.26 It is not clear how Pakistan will resolve this crisis, but it is clear that either end-user 
prices must increase, dramatically for some sectors, or supply will continue to decrease and remain well below 
the level of demand. For a country looking to grow at 5 percent or more per year, this is not viable.  
 
Industry Structure & Regulation 
After IOCs failed to pursue gas discoveries, Pakistan decided to undertake hydrocarbons exploration directly 
through newly established state-owned companies in 1961. This included the Oil & Gas Development 
Corporation (OGDC), later incorporated as OGDCL. The other main government controlled company, Pakistan 
Petroleum Ltd was first established in 1950.  
 
In addition to the state-controlled companies, several IOCs operate in Pakistan upstream including BHP Billiton, 
MOL, ENI, OMV and PETRONAS.   BP was active in Pakistan for nearly 35 years, but divested its Sindh gas 
assets in 2010. ENI is currently the largest international player with production of 58,000 barrels of oil 
equivalent. 
 
Each stage of pricing within the industry is highly regulated, with gas prices for upstream operators set at the 
wellhead. Midstream processing and transmission companies, along with LDC’s, are then designated a price by 
the government that they charge for their services. Finally, end-user prices are also regulated by the 
government. As described above, government-mandated prices have created massive disconnects between 
supply and demand given that they don’t properly reflect the current cost of each stage of gas supply, including 
exploration, development, production, processing, transportation, and distribution of gas to the end-user. 

                                                      
26 http://tribune.com.pk/story/816460/senate-proceedings-opposition-threatens-sit-in-over-gas-price-hike/ 
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The government is now looking to adjust regulated upstream prices to levels that reflect current costs under 
EPSC’s. However, this has forced it to contemplate higher prices all along the supply chain to the end-user. As 
noted above, the negotiations are ongoing. 
  
The Oxford Institute for Energy Studies report titled “Natural Gas in Pakistan and Bangladesh: Current Issues & 
Trends” by Ieda Gomes provides a concise overview of the structure and organization of the gas industry in 
Pakistan. Following are excerpts from that report: 
 

The upstream activities in the oil and gas sector are administered and regulated through 
the Directorate General of Petroleum Concessions under the Policy Wing of the Ministry of 
Petroleum and Natural Resources (MPNR). The Policy Wing also comprises the 
Directorate General of Gas (DG Gas), Directorate General of Oil (DG Oil) and Directorate 
General Special Project to provide support to the Government in formulation of policies for 
midstream and downstream of the oil and gas sector. 

Figure 64: Structure of the Gas Industry in Pakistan 

 
             Source: OGRA, MPNR, SSGC 

 
When compared to other emerging gas markets, the structure of the gas industry in 
Pakistan shows a few positive aspects: although the transmission and distribution 
companies have a quasi-monopoly they do not own gas molecules therefore they don’t 
compete with private gas producers in supplying the market. Also the gas distribution and 
transmission fees are much more modest than in countries like Brazil.  
 
The independent OGRA regulates midstream and downstream activities of the oil and gas 
sector. OGRA was formed under the OGRA Ordinance of 2002 to foster competition, 
increase private investment and ownership in the midstream and downstream petroleum 
industry and protect public interest. 
 
The upstream segment is balanced between Government controlled companies (Oil and 
Gas Development Company (OGDCL) and Pakistan Petroleum Limited, local private 
companies and IOCs, the latter responsible for nearly half of Pakistan domestic gas 
production. The responsibility for gas marketing, transportation and distribution lies with 
the partially Government-owned gas utilities SSGC and SNGPL, which supply gas to the 
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southern and northern provinces of Pakistan respectively.  The few independent pipeline 
systems in Pakistan supply gas to power and fertilizer plants and are generally owned by 
Government companies i.e. Mari Gas Co. Ltd and OGDCL.27 
 

8.2 Bangladesh 
Supply and Demand 
Oil was first discovered in what is now Bangladesh in 1890, but it wasn’t until the 1950’s that seven gas fields 
were discovered. Commercial production of gas commenced in 1960. Oil and Gas Development Corporation 
(OGDC) was then established in 1961 to conduct further exploration. With the independence of Bangladesh 
from Pakistan in 1971, the branch of OGDC in Bangladesh became Bangladesh Mineral Oil and Gas 
Corporation (Petrobangla). The company was given the mandate to manage all aspects of the gas industry, 
from exploration to production, to transmission and distribution.   
 
In 1974, Bangladesh introduced a Production Sharing fiscal regime to allow for IOCs to participate in 
exploration and development of offshore gas resources. Six blocks were awarded, but only one offshore gas 
field discovery was made in 1977. All of the EPSCs were relinquished by 1978. Petrobangla then conducted its 
own exploration in the 1980’s, leading to discovery of seven gas fields.  
 
In the early 1990s, eight blocks were awarded to four companies under EPSCs, which led to six more gas 
discoveries. Today, there are four IOCs operating in Bangladesh: Chevron, Niko, Tullow, and Santos. 
ConocoPhillips and ONGC Videsh, are also expected to begin exploring for hydrocarbon resources in three 
shallow-water blocks in the Bay of Bengal. 
 
Bangladesh produced 22 BCM of gas in 2012, equal to 60,000 MCM/day, all of which is domestically 
consumed. IOCs account for 56 percent of the gas production, with the remainder controlled by state-owned 
companies. As detailed in Figure 65, natural gas accounts for 52 percent of the total primary energy supply mix 
in Bangladesh.  This compares to 32 percent in Pakistan, even though Bangladesh’s overall production is only 
half of that Pakistan. This is a result of lower overall energy consumption in Bangladesh, where GDP per capita 
is only US$957, compared to US$1,275 in Pakistan.28 

Figure 65: Bangladesh's Energy Mix 

 
                                                      
27 Ieda Gomes (2013). Natural Gas in Pakistan and Bangladesh: Current Issues and Trends. Oxford Institute for Energy Studies 
28 World Bank GDP Statistics, 2013 
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              Source: IEA, 2012 
 

Production has increased by an annual average of 7 percent over the past decade, but it is now plateauing.  
In spite of the recent growth in production, Bangladesh is facing acute natural gas supply shortages, especially 
in the electricity sector. According to Facts Global Energy, Bangladesh’s share of gas-fired capacity accounted 
for 65 percent of total installed electricity capacity (10.2 gigawatts) as of December 2013. While gas supply 
increased 7 percent, electricity consumption increased by an annual average of 11 percent.  As a result, 
shortages of electricity have led to rolling blackouts of power. 
 
Platts estimates that Bangladesh must increase its natural gas supply by at least 18 percent to eliminate natural 
gas supply shortages. Bangladesh plans to accomplish this through a multi-prong strategy, including developing 
LNG import infrastructure, raising the prices paid to upstream operators in an attempt to encourage increased 
production, holding tenders for new EPSCs, and most importantly, raising end-user prices to support higher 
production costs and reduce fiscal burdens for the government. 

Figure 66: Gas Consumption Evolution by Sector in Bangladesh (BCM/Year) 

 
                               Source: Petrobangla 

 

In spite of the need to increase gas production, at current production levels, Bangladesh actually faces the 
specter of running out of gas in the next 10 years if no new fields are discovered. Platts published an article in 
June 2013 outlining the issue and concluding that offering higher prices for gas to private upstream operators is 
the only option.  Following are excerpts from the article:  
 

Bangladesh's current recoverable gas reserves of 16.36 TCF are set to be exhausted 
within the next decade if no new gas fields are discovered, industry sources and analysts 
warned Monday. The country will then have to depend entirely on imported natural gas 
either pipeline or LNG to meet rising domestic demand. They urged more exploration and 
allowing IOCs to engage more in the hydrocarbon exploration to avoid this scenario.  
 
"Bangladesh urgently requires the necessary exploration and drilling to increase overall 
natural gas output," a local energy expert Nurul Islam told Platts Monday. The country's 
future energy security would be badly hampered badly if it failed to find new gas reserve 
soon, said Islam, the architect of Bangladesh's first-ever gas development fund to carry 
out oil and gas exploration by state-owned oil and gas companies.  
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Currently Bangladesh's natural gas output is hovering around 2.28 BCF/d against demand 
for 2.7-3.0 BCF/d, Petrobangla data shows. But with the annual estimated demand growth 
of 10 percent in natural gas demand the country's entire recoverable gas reserves are set 
to dry up by 2022. 
 
"Like offshore gas blocks, the government should open up onshore gas blocks too to 
IOCs," Tamim told Platts Monday. Bangladesh is currently offering shallow and deep sea 
blocks to IOCs for exploration. The country has also offered three deep water blocks. The 
country did not offer any onshore blocks to IOCs for exploration after the 1997 bidding 
round although IOCs are contributing majority the country's overall natural gas output, 
most of which comes from onshore fields.   
 
Tamim said there is no alternative to offering more contracts to IOCs to accelerate 
exploration and drilling activities to ensure Bangladesh's future energy security. He said 
the state-run companies had financial and technological constraints, which was reflected 
in their poor performance in raising natural gas output in the past one decade. The 
government should offer competitive packages in terms of pricing, profit share, and tax to 
involved IOCs in the country's gas sector, Tamim said.29 

 
According to a study by the ADB, investments in excess of US$20 - 30 billion in upstream exploration and 
development is required to reach and maintain 25 BCM/year of gas production. This will require private 
investment, which in turn, requires the development of a compelling investment framework that would include 
higher gas prices paid to the upstream operators.  
 
Recognizing this, Bangladesh conducted a tender for offshore blocks in 2012 that offered marginally higher 
prices, as discussed in the pricing section below. Nonetheless, the results of the tender were poor, with only two 
companies submitting bids for three separate exploration licenses in shallow-water blocks. Some of the reasons 
cited for the low interest from IOCs are non-availability of primary data, Petrobangla’s right of first refusal to buy 
all gas production and low gas prices, in spite of the higher rates offered.  
 
Bangladesh is also preparing to import LNG to augment indigenous supply of gas. In 2014, Petrobangla signed 
a preliminary agreement with a U.S. consortium to build the country’s first offshore LNG import terminal. 
Bangladesh also extended a memorandum of understanding signed with Qatar 2013 and expects to begin 
importing LNG in 2015. While this option can increase supply, it’s an extremely expensive option, with LNG 
likely priced at US$600/MCM.  
 
Pricing 
Most of current production is derived either from state-owned Petrobangla or from EPSC contracts that were 
signed in the 1990’s. These were based on relatively low exploration expenses and lower production costs than 
a company today would face to develop new fields. Table 28 provides pricing structure for onshore and offshore 
fields in terms of US$/MMbtu. The prices are indexed to fuel oil prices with floor and ceiling prices. Converting 
to MCM, prices range from approximately US$45 - 100/MCM.  

                                                      
29 Platts. “Bangladesh’s existing gas reserves to run out in 10 years: sources.” June 24, 2013. http://www.platts.com/latest-
news/natural-gas/dhaka/bangladeshs-existing-gas-reserves-to-run-out-26046254 
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Table 28: Pre-2012 Tender Upstream Gas Prices in Bangladesh 

 
 
Due to low pricing paid to upstream operators, Petrobangla lost over US$1.1 billion in 2011. Meanwhile private 
operators made it clear they did not have incentive to reinvest in exploration or development to increase 
production. This led the Government to offer higher prices in the 2012 offshore tender. As before, upstream 
prices were calculated in terms of US$/MMbtu that are indexed to fuel oil prices with floor and ceiling prices. 
Converting to MCM, prices ranged from approximately US$80 - 160/MCM. The floor price was 40 percent 
higher than the previous floor price for offshore gas, while the ceiling price was 60 percent higher. Nonetheless, 
investor response was lukewarm. Bangladesh is continuing to review its upstream pricing and is likely to 
increase prices again in future tenders. 
 
Upstream operators must sell their gas to Petrobangla, which then sells the gas to its gas distribution affiliate 
companies. They are the exclusive marketers of gas in their franchise areas to all categories of consumers. The 
only exception is Santos’ right to supply gas from Sangu offshore field directly to end-users at market prices. 
Providing a possible benchmark for sustainable upstream pricing, the Bangladesh Power Development Board 
reportedly started to buy gas directly from Santos in 2012 at US$170/MCM to supply a power plant. 
 
End-user gas prices in Bangladesh currently range from US$32/MCM to US$120/MCM across all sectors. To 
put this into perspective, Petrobangla buys gas from IOCs operating in the country at US$45 - 100/MCM, 
leaving no margin of profit for Petrobangla, even at the low upstream prices that are no longer sustainable. This 
is why Petrobangla is so unprofitable.  
 
Nonetheless, Bangladesh last raised gas tariffs for all types of domestic consumers by 11 percent in 2009, 
except CNG. The price of CNG then increased by 20 percent in 2011. Exacerbating the problem, the two 
largest consumers of gas, power and fertilizer, each pay the lowest rates, at approximately US$32/MCM and 
US$35/MCM respectively. Like Afghanistan, Bangladesh’s fertilizer plants are reported old and very inefficient. 
They are kept from obsolescence and abandonment only by selling them gas below the cost of production. This 
comes at a high price for the state-owned company Petrobangla and the people of Bangladesh. In total, power 
and fuel subsidies in Bangladesh add up to US$2.2 billion/year. 

Table 29: End-User Natural Gas Prices in Bangladesh 

 
Source: Ieda Gomez 
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Figure 67 compares the average upstream prices from varying sources with end-user prices. It shows how the 
weighted average upstream price of gas will increase dramatically as supply comes online from new EPSCs 
and LNG. According to Ieda Gomez, a likely LNG/domestic blended price will equal approximately 
US$170/MCM. CNG is the only end-user paying a higher price, with all others paying only a fraction of that 
price. 

Figure 67: Comparative Cost of Gas Supply in Bangladesh 

 
                          Source: Ieda Gomes’ estimates based upon published gas tariffs and prices. 

 
As with Pakistan, it is now clear to Bangladesh that heavily subsidized end-user prices are not sustainable. 
They lead to under-investment in upstream exploration and production and/or massive subsidies from the 
government. As Bangladesh looks to sustain and increase gas production, it is being forced to offer higher 
prices for upstream production and, in turn, raise end-user prices. In October 2014, Platts reported that 
Bangladesh is now reviewing all stages of gas pricing, with a goal of setting end-user prices based on the costs 
of exploration, production, and transmission. Following are excerpts from that article:  

 
Bangladesh has for the first time decided to set the domestic gas tariffs in line with the 
costs of production following requests from IOCs for an increase, a former senior 
Petrobangla official told Platts. The Ministry of Power, Energy and Mineral Resources 
asked Petrobangla earlier this month to propose an increase in the gas tariff by calculating 
upstream costs, former Petrobangla chairman Hussain Monsur said. 
 
"We have started calculating the upstream costs of natural gas production," he said. 
Natural gas will be treated as a commodity for the first time in the country and a tariff hike 
will be proposed accordingly. The tariff hike proposal will be submitted to the Bangladesh 
Energy Regulatory Commission to scrutinize and subsequently announce a gas tariff 
increase for all types of consumers in the country.  
 
Bangladesh has never set gas tariffs by taking into account upstream costs, Monsur said. 
Until now gas tariffs in Bangladesh have been fixed mainly by taking into consideration the 
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profitability of gas marketing and distribution companies. The market and political impacts 
had also been considered in previous tariff increases. But IOCs urged the government to 
revisit the price structures of domestic gas to encourage oil and gas exploration. 
 
Inadequate offshore fiscal terms in production sharing contracts and restrictive onshore 
access have resulted in limited exploration investment in the country. Gas shortages in 
Bangladesh have prompted Petrobangla to ration new connections to industries, fertilizer 
factories and power plants, hindering economic growth since June 2009.30 

 
Industry Structure & Regulation 
The Bangladesh Oil, Gas, and Mineral Corporation (Petrobangla) is the key oil and natural gas company in 
Bangladesh. IOCs must sell natural gas to Petrobangla at a government-determined price and are 
restricted in their ability to sell natural gas to customers directly. 
 
The Oxford Institute for Energy Studies report titled “Natural Gas in Pakistan and Bangladesh: Current Issues & 
Trends” by Ieda Gomes provides a concise overview of the structure and organization of the gas industry in 
Bangladesh. Following are excerpts from that report: 
 

The government plays a dominant role in Bangladesh’s energy sector. Petrobangla is the 
key player in the entire oil and gas value chain, through affiliates operating in the 
upstream, midstream and distribution, and also in marketing activities. The sector has 
undergone some re-structuring following the commissioning of a Gas Sector Masterplan 
and strategic reviews from major donors. The restructuring comprised the separation of 
the activities of exploration and production from transmission, distribution and gas 
marketing. 
 
Petrobangla’s upstream affiliates are responsible for exploration and production; a gas 
transmission company operates the high pressure pipeline, whereas four gas distribution 
companies operate geographical franchise areas. There is some overlap between the gas 
distribution and gas transportation companies as the former still operate high pressure 
pipelines, which are being transferred to the transportation company on a phased timing. 
Another company is in charge of developing and marketing CNG to end-users. 
 
There is an independent energy regulator, the Bangladesh Energy Regulatory 
Commission (BERC) which oversees both the gas and power sector. BERC is mostly a 
mid and downstream regulator; most of the upstream activities, such as issuing E&P and 
LNG tenders, are kept under Petrobangla supervision. 

                                                      
30 http://www.platts.com/latest-news/natural-gas/dhaka/bangladesh-to-consider-upstream-costs-in-setting-27742862 

http://www.platts.com/latest-news/natural-gas/dhaka/bangladesh-to-consider-upstream-costs-in-setting-27742862
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Figure 68: Structure of the Gas Industry in Bangladesh 

 
                Source: BERC, Petrobangla 

 
Exploration and Production 
The Exploration and Production of hydrocarbons in Bangladesh is executed under 
Production Sharing Contracts. There are three state-owned companies engaged in 
upstream activities: Bangladesh Petroleum Exploration and Production Company Ltd 
(BAPEX), Sylhet Gas Fields Company Ltd and Bangladesh Gas Fields Company Ltd 
(BGFCL). BAPEX is engaged in both exploration and production; the other two companies 
operate existing producing fields.  
 
BAPEX is currently producing and supplying gas to the national grid from three gas fields. 
BGFCL operates six gas fields, and is the largest natural gas producing company in 
Bangladesh, accounting for 38 percent of Bangladesh natural gas demand. Sylhet Gas 
Fields Ltd operates five gas fields. There are also four IOCs currently operating in 
Bangladesh: Chevron, Niko, Tullow and Santos.  
 
Transmission and Distribution 
The Gas Transmission Company Ltd (GTCL), a fully owned subsidiary of Petrobangla, 
operates the high pressure pipeline system. GTCL was awarded the responsibility of 
owning, operating, maintaining and constructing all high pressure gas transmission 
pipelines in Bangladesh under a phased program. GTCL is gradually taking control of 
transportation infrastructure currently controlled by Petrobangla’s production and 
distribution subsidiaries. 
 
Distribution companies: There are 5 distribution/marketing companies with exclusive 
geographical franchise areas; Titas Gas Transmission and Distribution Company Ltd 
(TGTDCL) is the largest gas distribution company in Bangladesh. TGTDCL (or “Titas”) is 
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100 percent owned by the Government of Bangladesh. The company serves more than 1 
million consumers and is responsible for 80 percent of the market share in Bangladesh. 
 

9 Conclusion 

Consumption of gas in Afghanistan is extraordinarily low today, at 640 MCM/day, only because current supply is 
so low. Meanwhile, current supply is low because Afghanistan has not invested in upstream or midstream 
infrastructure in over 25 years. Production is declining as old wells lose pressure and infrastructure ages. 
Recent marginal increases in production resulted from donor-funded projects at the Yatimtaq and Gerquduq 
fields, but these serve only to offset recent declines in production, not sustain or increase long-term production. 
 
Fortunately, current reserves of 75 BCM, and prospective resources that have potential to dramatically increase 
reserves, are sufficient to support a robust upstream, midstream and downstream gas industry.  Yet this will 
happen only if Afghanistan re-invests in exploration, development, production, processing, and transportation 
infrastructure. 
 
As outlined in Chapters 3 – 5 of this report, prospective demand for gas totals over 4,600 MCM/day in northern 
Afghanistan in the next 10 – 20 years. If demand from Kabul is added, the total jumps to over 11,000 MCM/day. 
None of this requires exporting gas to other countries. According to recent analyses, a pipeline to Kabul is 
technically feasible. A “back of the envelope” analysis also indicates it’s financially feasible if approximately 
US$75/MCM for transmission is added to the Kabul end-user price. 
 
To meet this prospective demand, the price of gas paid by the end-user must be sufficient to support all 
upstream and midstream costs. AGE currently charges only US$34/MCM for gas, well below the fully-loaded 
cost of production. This has been made possible only by leveraging past investments and not passing on those 
costs to end-users. It has also benefited by production sweet gas, which does not require expensive 
processing. Unfortunately, past investments are nearing end of life, and the sweet gas is depleting, leaving 
mostly sour gas. 
 
Moving forward, end-user gas prices must be structured to allow operators to recuperate all expenses 
associated with exploration, development, production, processing and transmission of gas. Developing and 
sustaining production capacity of 10,000 MCM/day for 30 years will likely require capital and operating 
expenses of US$10 billion (not including profits).  
 
Given the significant investment and operational expertise required, GIRoA has decided to outsource most 
upstream development to IOCs through ESPCs. This will also allow GIRoA to earn revenue from gas sales, 
which it needs to support the federal budget as donor funding decreases. Under EPSCs, the price of gas must 
include not only the costs discussed above, but also: 
 

• GIRoA profits from the EPSCs – Including royalties, profit share and taxes. GIRoA currently makes no 
profit from upstream activities conducted by AGE. Under EPSC’s, it will make over US$5 billion in 
profits if 10,000 MCM/day of gas is produced and sold for 30 years at US$175/MCM. This adds 
approximately US$50/MCM to the cost of gas. 

• Operator return on investment – The operators must be able to recover their costs and a profit for 
providing the upfront capital and taking the substantial risks associated with gas exploration and 
production. This adds approximately US$30/MCM to the cost of gas. 
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If private operators are not used, it’s not clear who will invest the billions of dollars required and provide 
operational and management expertise. AGE has not even been able to maintain production, never mind 
increase it. 
 
As detailed in Chapter 6, a sustainable gas price is likely US$130 – 175/MCM under an EPSC, and 
US$100/MCM under AGE management (for sour gas requiring processing). These prices are competitive with 
most regional prices and attractive compared to global prices. Only major gas exporters sustainably offer lower 
local pricing, thanks to direct subsidies which are funded by exports at higher prices. Pakistan and Bangladesh 
are two neighbors that do not export gas, but attempted to maintain subsidized end-user prices. Both found that 
subsidized prices distorted supply and demand, and have become unsustainable.  
 
With proper gas pricing and the assistance of IOCs operating under EPSCs, Afghanistan has the opportunity to 
sustainably build a robust gas industry that will not only provide significant revenue to GIRoA, but also provide 
relatively inexpensive gas for all end-users, including power producers.  
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